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UNITED STATES OF AMERICA
BEFORE THE
FEDERAL ENERGY REGULATORY COMMISSION

Participation of Distributed Energy Resource ) Docket No. RM18-9-000
Aggregations in Markets Operated by )
Regional Transmission Organizations and )
Independent System Operators )

POST-TECHNICAL CONFERENCE COMMENTS OF THE
NATIONAL RURAL ELECTRIC COOPERATIVE ASSOCIATION

Pursuant to the Notice Inviting Post-Technical @wafce Comments issued by the
Federal Energy Regulatory Commission (“Commission*FERC”), the National Rural Electric
Cooperative Association (“NRECA”) submits these caents addressing issues discussed at the
technical conference held April 10-11, 2018, regggdhe Commission’s proposals concerning
the participation of distributed energy resourd@ER”) aggregations in Regional Transmission
Organization (“RTO”) and Independent System Operét80”) markets.

l. INTRODUCTION AND SUMMARY OF COMMENTS

NRECA appreciates the opportunity to provide infuthe Commission on the topics
discussed at the technical conference. NRECA hatscipated actively in the Commission’s
rulemaking efforts. NRECA submitted comments jyinvith the American Public Power
Associatiort on the Commission’s Notice of Proposed Rulemakiagd joined in a request for

rehearing of Order No. 841, the Final Rule on electric strgparticipation in RTO/ISO

Comments of the American Public Power Associatsiod the National Rural Electric Cooperative Asstaia
on Notice of Proposed Rulemaking, Docket Nos. RM3800, AD16-20-000 (Feb. 13, 2017).

Electric Storage Participation in Markets Operated Regional Transmission Organizations and Indepahd
System OperatordNotice of Proposed Rulemaking, FERC Stats. & R&@2,718 (2016) (“NOPR”).

Request for Rehearing of American Municipal Powec,, the American Public Power Association ane th
National Rural Electric Cooperative Associatidalectric Storage Participation in Markets Operatéxy
Regional Transmission Organizations and Independsstem Operators, et aDocket Nos. RM16-23-000,
AD16-20-000 (Mar. 19, 2018).
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markets' NRECA's comments are focused primarily on thestjoaes raised with respect to
Panels 2, 6 and 7 of the technical conference.

NRECA fully supports the development of DERs, arahgnof its member cooperatives
across the country have been successful in usinBsD&wvned either by the cooperatives
themselves or by the cooperatives’ member-consunmiarsome cases, distribution cooperatives
manage the DERs themselves, while in other cassisibdtion cooperatives are members of
generation and transmission (“G&T”) cooperative$jola manage the DERs on behalf of their
distribution cooperative membetsTo be sure, DER deployment is presenting coopesatvith
new challenges—but also with new opportunities gentheir ultimate objective of providing
safe, reliable, sustainable, and affordable elesgrvice to their member-consumers.

The Commission’s proposal to require RTOs and 1$3@permit third-party DER
aggregators to participate directly in RTO/ISO nedaskhas the potential to pose an entirely
distinct, and much larger, constellation of chajles for NRECA’s member cooperatives than
does the simple deployment of additional DERs arpeoative distribution systems. Third-party
DER aggregators patrticipating in the RTO/ISO makeitl have incentives to operate the DER
in response to wholesale market signals, whichpcese operational, reliability, and safety issues
for local distribution cooperatives. Moreover, facilitate third-party DER aggregators
participating directly in wholesale markets, neaglery cooperative will have to invest in new
equipment and software for metering, communicatiamsl billing. Cooperatives will have to
develop new customer privacy and cyber-securitysuess to accommodate DER aggregators.

Additional staffing by cooperatives will be requdréo participate meaningfully in the RTO/ISO

*  Electric Storage Participation in Markets Operatey Regional Transmission Organizations and Indepahd

System Operator©rder No. 841, Final Rule, 162 FERC 1 61,127 &@érrata notice issued Feb. 28, 2018).

>  SeeTechnical Conference Tr. at 412 (explaining howTG#ygregates for distribution cooperatives).
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stakeholder processes where the new market rulebemileveloped; to develop and implement
the needed coordination agreements—and perform dahgoing coordination—with the
aggregators, the RTO/ISO, and multiple other psrigand to review and address the reliability
impacts of DER aggregations. Cooperatives willeh&y undertake these tasks while they are
still in the beginning phases of implementing tlevninterconnection requirements for DER
adopted earlier this yelr. Cooperatives will also have the expense of d@ietp new rate
structures to recover these additional costs amty fallocate them to DER aggregators and if
appropriate, to the cooperatives’ members. Beybede direct costs, cooperatives may incur
increased operational costs if (as one would expgeet DER aggregator cherry-picks certain
members’ DER and essentially removes them fromctiggperatives’ resource portfolios, or if
the DER aggregator reduces the ability of the ithigtion (or even the G&T) cooperative to
control the peak loads that help determine its e$mle power and transmission bills. For some
cooperatives, it may make sense for their memigersctur these costs and burdens sooner rather
than later; but for others—particularly smaller tdizution cooperatives in more rural
communities—it does not make sense for them toritisese substantial costs now for, what
may be at best, an uncertain future benefit.

This is why NRECA has been urging the Commissinrgamments on the NOPR and in
its request for rehearing of Order No. 841, to Moitis proposed requirements for the RTOs and
ISOs to ensure that the RTO and ISO market rulgseie the decisions by the relevant electric
retail regulatory authority (“‘RERRA”) on whether fmermit DER aggregations to participate
directly in wholesale markets. NRECA reiterateis tiequest and proposes specific regulatory

language below.

® |EEE std 1547-2018, Standard for Interconnection and Interopiétabf Distributed Energy Resources with

Associated Electric Power Systems Interfaces (“IEGE7").
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The discussions at the technical conference ragsgiethora of issues related to the
impacts that DER aggregations participating in RBO/ markets could have on distribution
systems. To honor the Commission’s request focraa examples in support of comments,
NRECA surveyed its member cooperatives, seekingtilgm the potential impacts that DER
aggregations could have on their systems, and sdhghechnical assistance of an engineering
firm to analyze the issues discussed at the teghmionference. NRECA appends to its
comments as Attachment A the affidavit of Jeffrey Nriplett, P.E., of Power System
Engineering, Inc. (“Triplett Affidavit”), and as fdchment B, the statements of several of its
members providing concrete examples of the effdetsthe Commission’s proposal could have
on them, if that proposal is not modified as NRE@Aommends:

* Adams-Columbia Electric Cooperative, a distributemoperative in Wisconsin whose
distribution facilities are interconnected to angmission-owning member of the
Midcontinent Independent System Operator, Inc. S&r);

* Anza Electric Cooperative, Inc. (“*Anza”), a veryalhdistribution cooperative located
within the California Independent System Operat6i(SO");°

» Dakota Electric Association (“Dakota Electric”)|aage distribution cooperative in
Minnesota, whose G&T cooperative is a transmissiamning member of MISGY

* New Hampshire Electric Cooperative, Inc. (‘“NHECd)distribution cooperative that
participates in 1SO New England Inc. (/SO-NE%and

« Ozark Electric Cooperative, Inc. (“Ozark”), a sndifitribution cooperative in Missoufi.

These statements provide evidence supporting NREGC#&re message—that the

Commission should modify its NOPR proposal to regjRTO and ISO market rules to allow

April 27 Notice Inviting Post-Technical Conferen€emments at 1.
Statement of Gerry Schmitz, Adams-Columbia Elecooperative (“Adams-Columbia Statement”).

Statement of Kevin Short, Anza Electric Coopemgtinc. (“Anza Statement”).

10 statement of Craig C. Turner, P.E., Dakota Eledssociation (“Dakota Electric Statement”).

1 Statement of Brian Callnan, New Hampshire Eled@ioperative, Inc. (“NHEC Statement”).

12 statement of Kenneth M. Raming, P.E., Ozark Ele@ooperative, Inc. (“Ozark Statement”).
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DER aggregators to offer to sell capacity, energgd ancillary services into organized
wholesale marketsnly (i) for larger systems, if the RERRA does not ploghit or (i) for
smaller systems, if the RERRA expressly permits This opt-out/opt-in condition on the
Commission’s directive that RTOs and 1SOs accegid by DER aggregators would respect state
and local jurisdiction over retail and local dibtrtion service, avoid needless controversy over
the extent of the Commission’s own authority, andié the potential for serious unintended
consequences harming distribution utilities anddtesumers they serve. RERRAs must be able
to determine if and when to allow such DER aggriegatin the retail markets and on the
distribution systems over which they have authority

Il. COMMENTS

A. The Commission Should Direct RTOs/ISOs To Adopt Proedures That
Require RTOs/ISOs To Defer to State and Local Regatory Authorities.

1. Failing To Give the RERRAs of Distribution Utilities a Say in
Whether Third-Party DER Aggregation Should Be Permited on their
Systems Will Harm Consumers.

Although cooperatives come in different sizes, aodtwo cooperatives are the same,
generally speaking, distribution cooperatives areated in rural areas with low population
densities and many fewer customers per mile of tiven most investor-owned or municipal
utilities.®* They are typically small and some operate withadf of fewer than 25 peoplé. In
order to serve their geographically dispersed meshijg distribution cooperatives often have

long radial lines to reach their members. Distidiu cooperatives typically serve a high

13 The nation’s 833 distribution cooperatives and@ZT cooperatives serve 42 million people—about @ne
eight electric consumers in the nation. Cooperatowen and maintain 42% of the nation’s electridriigtion
lines—some 2.6 million miles. Using the latestade¢leased from the Energy Information Administati
(Form EIA-861), NRECA has calculated that coop&estiserve an average of eight consumers per mile of
electric line and collect annual revenue of $19,080mile of line. All other utilities average 3@stomers per
mile of line and collect $79,000 per mileéSeehttps://www.electric.coop/electric-co-op-facts-figg-march-
2018/

Anza Statement at P 3.
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percentage of residential consumer-members, althosmme also serve farms and other
commercial and industrial customers. Some distiobucooperatives obtain their generation and
transmission services from investor-owned utilitiest many are all-requirements customers of
their G&T cooperatives. On an operational leves$tribution system infrastructure is often
dynamic compared to the transmission system imfrestre’® customers are routinely being
added/retired, and distribution equipment is raltinupgraded and replaced. Additionally,
distribution utilities have little to no real-tinemordination with RTOs/ISOs (including dispatch,
outage coordination, congestion management, eted,little to no planning coordination with
RTOs/ISOs (modeling, forecasting, contingency asialyfinancial transmission rightstc.).'°
Accordingly, the participation of DER aggregationms RTO and ISO markets is
unworkable today for nearly all distribution coogigres and would not benefit their consumers.
A multitude of operational and economic impactsildonterfere with cooperatives’ mission—to
ensure their member-consumers receive safe, relialdctricity at affordable rates. Many
cooperatives already use DERs as a tool to rechaie ¢lectricity costs and have developed
DER programs that benefit all their member-consgmerhird-party DER aggregators would
not (and should not be expected to) share the sgak rather, they would strive to maximize
their wholesale revenue. There is no assuranteatbdiER aggregation participating directly in
wholesale markets and independently respondingTl@/FSO dispatch signals would benefit the

cooperative, and there are good reasons to thiwkuid not. In some cases, DER aggregation is

5 Technical Conference Tr. at 363-64 (distributfeader configuration changes frequently, many timefay);

see alsad. at 414-15 (abnormal configuration circuit switadpiis more volatile on distribution).
5 Triplett Affidavit at P 37see alsdlechnical Conference Tr. at 407-08.
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unworkable because the cooperative cannot backdreyy from its distribution system to the
transmission grif—all the more reason for the RERRA to have thetgtid opt-out/opt-in.

RTOs and ISOs are not in a position to know whethéhird-party DER aggregation
could operate on a particular distribution coopeeatvithout compromising the safety and
reliability of the distribution system or imposingnreasonable costs on the cooperative.
Therefore, only the cooperative’s board or itsestagulator should decide if and when it would
be beneficial (and not harmful) to consumers tovalthird-party DER aggregations on the
distribution system for the purpose of wholesalek®&iaparticipation. The Commission has an
obligation to protect electric customers and shatitck to the mantra: first, do no harm.

2. Third-Party DER Aggregation May Create Complex Opeiational

Impacts for Distribution Utilities, and the RERRA Should Decide
Whether These Impacts Have Been Adequately Addresse

Without appropriate deference to distribution systeand their governing authorities, the
Commission’s proposal to require RTOs/ISOs to perthird-party DER aggregation to
participate in wholesale markets could create emitded, yet significant, consequences.
NRECA discusses some of these issues below.

a. Reverse power flows and voltage stability

Distribution systems were originally designed fadial, one-directional power flows.
While some facilities have been upgraded over tim@accommodate two-way power flows,
particularly to allow back-feeding during contingess, a significant portion of existing
distribution system feeders safely cannot accommeodaverse power flowd. Some of

NRECA’s members have expressed concern that tlird-@ER aggregation could result in

" Anza Statement at P 11 (due to import capacitjtdimnd interconnecting utility’s inability to aquereverse

flows “it would be difficult—if not impossible—foan aggregated DG provider to build and export rerides
on our system.”).

18 SeeTriplett Affidavit at P 8.
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increased reverse power flows on their syst€nasid they may lack the resources to deal with
additional risk of reverse power floff. Reverse flows from the distribution system to the
transmission grid may also be prohibited by contra€or example, Anza’s contract with the
investor-owned utility from whom it purchases trnanssion service does not permit reverse flow
from the cooperative to either the utility or te #50*

Implementing systems to protect against reverseepdlaw can be quite costf?. The
risk that voltage levels will rise above appropiahdustry standards and that voltage will
fluctuate and flicker beyond acceptable limits @ases with third-party DER aggregation. This
can be a particular concern when a distributiolityiattempts to curtail DER output to maintain
acceptable voltage levels while a third-party DERjragator is simultaneously responding to
market signals telling it to increase outpit. If third-party DER aggregation is allowed,
distribution voltage regulators, which are only am&y flow regulators, will need to be upgraded
in order to be able to support the two-way flowsded, at a significant cost to the distribution
utility.

b. Risks that third-party DER aggregators could oveerior modify
operational settings.

Distribution utilities typically require DERs to emate at unity power factéf. In order

to more effectively manage system losses and wlisgues, IEEE 1547 now requires DER

19 Adams-Columbia Statement at PP 5, 7.

20 Ozark Statement at P 13.

21 Anza Statement at P 5.

22 NHEC Statement at P 15.

% SeeTriplett Affidavit at P 8.

24 One key aspect of optimizing and maintaining esysutilization and efficiency on any distributiopsgem is

that of “power factor,” a term which refers to thetationship between “real” and “reactive” powdreactive
power is a characteristic of most electrical load & typically measured in kVAR (kilovolt-ampenmesctive),
whereas real power and energy are typically medsur&W and kWh, respectively. Motors have indueti
(magnetic) characteristics which consume reactmeep, known as “lagging” power factor. This regsire

8
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equipment manufacturers to provide means of voltagerol through reactive power regulation.
Both the method used and the settings are at Hueetion of the distribution utility. However,
anything other than unity power factor inherentiguces kWh sales of the DER. Because the
equipment involved is typically owned by the DER¢ould be tempting for a third-party DER
aggregator to adjust the DER’s reactive powerrsgstto allow more to be sofd. Operating the
DER in this fashion can also actively change th#age through changes in reactive power
flows on the distribution system, creating a rikharm to the distribution system equipment and
the consumers they serffe.While communications and telemetry with the DERymeduce the
risk of this going undetected, the temptation loelset acknowledged.

C. Risks that third-party DER aggregators could ovaerior modify
protection settings.

Interconnection equipment for DERs will typicallye mwned by the DER owner or
aggregator. NRECA is concerned that critical pcive features in compliance with the IEEE
1547 standard could be overridden or modified (nomally or unintentionally) to allow DER
aggregators to continue to operate through ceaa@n-voltage or under-voltage situations in an
effort to increase salé$. This can compromise the safety of both utilityrkers and the public

by desensitizing equipment to abnormal conditioNRECA’s members have expressed concern

distribution system to use more capacity than watltcerwise be required and contributes to systase®and
voltage regulation issues. Capacitors can sumagtive power and are frequently installed at $ijgegoints
on a circuit to reduce the reactive power load loa distribution system. Real and reactive power loan
envisioned as two legs of a triangle with the thé&g as the combined effect, referred to as “appapower,
measured in kVA (kilovolt-amperes). The ratio cdlro apparent power is the measurement of povetorfain
an ideal system this ratio is 1.0, or “unity poviastor.”

% Adams-Columbia Statement at P 6 (minimizing systesses requires dispatching DERs at other théty un
factor, which would be at odds with the financigkrests of third-party aggregated DER).
% Triplett Affidavit at P 10.

27 Triplett Affidavit at PP 9-13.
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about the ability of certain settings, for examplee settings of protective devices such as
inverters, to be adjusted by third-party aggregetor

d. Safety concerns

Safety is a top priority for distribution coopevats. One safety-related concern that
arises with third-party DER aggregation is that ¢beperative will not be able to—as it must—
maintain its authority for opening DER disconneetiides as needed and in accordance with
established interconnection agreements, regardiessether the DER has been dispatched to
provide a market servicd. While reverse power flow can exist in some aralasady, some
cooperatives closely manage DER connections anacigpn order to minimize the risk of this
occurrence. Such safe work practices allow linetogteep up with the source and load ends of
feeders. NRECA has heard concerns from some menddayut the safety of distribution
linemen if third-party aggregations of DER for ghérpose of operating in the wholesale market
are allowed on their systems because it will likelgrease the risk of reverse power flows.
Additionally, third-party DER aggregation may letconditions which are more favorable to
the formation of unintentional islands, which pmseafety and power quality risks. This is
because there may be more capacity available dpangds of light load, making detection and
disconnection more challengifiy. Before third-party DER aggregations can be altbves
distribution systems, distribution cooperatives mhave the ability to develop additional

protocols to ensure linemen saféty.

2 Ozark Statement at P 15; NHEC Statement at P 16.

2 Triplett Affidavit at P 13; NHEC Statement at P (E@operative should be allowed to curtail or distect DER
when the safety of its members, staff or the distion system is in questionsee alsolechnical Conference
Tr. at 433, 435, 436, 437, 439, 443 (need for ithstion utility to override RTO/ISO dispatch forliehility and
security of distribution system).

30 Triplett Affidavit at P 8.

31 Ozark Statement at P 11 (linemen would have tohuaeket grounding on both sides of the work zame t

provide additional protection from DERS).
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3. The Proposal for RTOs and ISOs To Use DistributionJtility Meter
Data for DER Aggregator Settlements Raises Legitinta Privacy and
Safety Concerns for the RERRA.

The Commission proposes to require RTOs/ISOs tolreavily on meter data obtained
through compliance with distribution utility or lak regulatory authority metering system
requirements for settlement and auditing purpdSesside from the question of whether that
proposal is workable—and it probably is not for mdistribution cooperatives—it raises serious
concerns with respect to system safety and custpmecy.

Existing distribution cooperative metering systemay not provide the granularity of
data €.g, five minutes) required by RTO/ISO markets fottlsenent and auditing purposes.
Moreover, even if they had this capability, prommglisuch data would consume communication
system bandwidth that might be needed for critbagbhge reporting and restoration efforts, end-
of-line voltage feedback into conservation voltagaduction systems, and other utility
operations. Such uses must be given the higheésttpr meaning that metering data for the
purpose of third-party DER aggregators particigaimwholesale markets would necessarily be
assigned a lower priority. The safety and intggoif the distribution system require nothing
less®*

The Commission’s metering proposal would also meguiistribution cooperatives to
revisit their policies on cybersecurity and privachypically such policies do not permit access
to internal systems or the sharing of customerrinfition with other partie¥. Special interfaces

and data repositories with multiple levels of figls would need to be created and maintained to

32 NOPR at P 152.

33 Adams-Columbia Statement at P 9.

3 SeeTriplett Affidavit at P 16.

% Ozark Statement at P 14 (“Ozark has existing psivpolicies in place today that protects our mersiber

data.....This could be a problem if DER aggregataeevto seek information about our members’ data.”).
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facilitate the sharing of any data between theridision cooperative and DER aggregatsrs.
Furthermore, agreements would likely need to beiobt from customers whose data would
need to be shared with the RTO/IS0.

B. Third-Party DER Aggregation Would Impose Significant Costs on

Distribution Cooperatives—Costs That Should Be Reaerable From Those
DER Aggregators.

A litany of new costs would be imposed on coopeeatias a result of the Commission’s
proposal. These costs include large investmenegjinpment and software, and the operating
expense required to accommodate DER aggregatorany Mpfront costs would be incurred
without regard to the actual extent and pace of OQdeRetration, much less the benefits for
cooperatives’ member-consumers that subsidize rniliesiment and expense. The costs for
cooperatives also include the economic losses m$sdcwith the impaired ability of the
distribution cooperative—and perhaps its G&T coapee—to hold down its operating costs,
which can result from the DER aggregation’s indeleen, wholesale-market-driven operations.

The incremental investment and expense requiredatcommodate third-party
aggregation, as distinguished from integration dR3 by utilities in their load-serving
operations, unless entirely assigned directly eéoafgregators, would amount to an unjustifiable
subsidy of the aggregators by native load ratepay@&hese expenses would benefit DERs and
their third-party aggregators—not existing utildperations—and therefore should be recovered

solely from those third-party DER aggregators erBfERs themselve$. Determining how this

% Triplett Affidavit at 24;see alsdTechnical Conference Tr. at 402.

37 Triplett Affidavit at P 24; Ozark Statement al®.

3 While the focus here is on the significamtrementalcosts that DER aggregation would impose on distich

utilities, those utilities also need assurance tivey can recover from DERSs or their aggregatoes ¢asonable
costs (incremental or not) of wheeling DER outpugratheir distribution facilities to reach RTO/IS@arkets.
SeeTechnical Conference Tr. at 348 (discussing paénted for distribution wheeling tariff to wheelezgy
“from the home up to the transmission level so thedin be sold at [locational marginal price]”).
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should be accomplished through appropriate digighuate design is a complex task, which can
be even more complicated when the distribution eoapve is a member of a G&T and receives
wholesale and/or transmission service from the G&T.

A primary goal of the cooperative model is to semembers at the least cost, consistent
with safety and reliability. Installing new, othese unneeded equipment where there is limited
DER penetration, in the hope that DERs will mategain numbers sufficient to warrant the
expense, could frustrate this goal. Because ofréimge of factors that would go into the
equation, the evaluation of the business caseh®mupgrade must be performed on a case-by-
case basis. For example, the cooperative mighy aipg 80/20 rule—if it can obtain 80% of the
benefits it is trying to achieve for 20% of the t9ghen that is the preferred approach, at least
until something better is on the horizon.

Among the types of costs, metering systems woula: ha be upgraded or replaced in
order to provide the granularity of data requirgdwholesale markets. Additional metering
might also be required to distinguish between dcRER production and net output after
considering consumer lodd. These and other necessary enhancements coutisbprohibitive
for many distribution cooperativé8.

Similarly, communication links between RTOs/ISO#£Tccooperatives and distribution
utility systems would likely have to be establistewdmproved. Traditional generation requires
two-way communication between the RTO/ISO and gam. RTOs and ISOs do not
generally have the means to “see” distributionitied’ DER** While RTOs/ISOs may be able

to add such equipment on their end, many distolbugooperatives may face difficulty in

39 Triplett Affidavit at P 17.
0" Triplett Affidavit at PP 17-19, 21, 23.

*1 " Technical Conference Tr. at 387, 403, 405, 42al{ime coordination between the RTO/ISO and itlistion
does not occur; no protocols for such coordinagixist since it has been unnecessary to date).
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implementing such systems. The installation andnteaance of communication links by
distribution cooperatives to facilitate market mapiation of third-party DER aggregations would
impose an additional significant cost that wouldénto be recovered by the distribution utiftfy.
Some distribution cooperatives do not have superyisontrol and data acquisition (“SCADA”)
systems’® which they do not presently need but may beconmessary if there is a need to
remotely collect data and monitor the distribut&ystem and its equipmefit. Billing software
would need to be modified as well which could ®mplex and expensive endeafor.

To give distribution and G&T cooperatives the abilio conduct ongoing operational
coordination with RTOs/ISOs and third-party DER mggtors, in many cases, systems and
processes that do not exist today will need to rfeated and maintained. These systems and
interfaces could be cost prohibitive for a smaditdibution cooperative that would otherwise not
require thent® Additionally, smaller distribution utilities mayot even have the staff needed to
handle 24-7 communicatiofs.

To address these issues, it is vital that coorsinatgreements among DER aggregators,
distribution cooperatives, RTO/ISOs, and othert@stiare developed; distribution cooperatives

(and, where applicable, their G&Ts) must have injptio this effort’® The development of

2 Triplett Affidavit at PP 20-21.

3 Technical Conference Tr. at 398; at 402 (SCADA systems not cost-effective for DERs
*  NHEC Statement at P 9.

** NHEC Statement at PP 9-10.

6 Triplett Affidavit at P 38.

47 Ozark Statement at P &ee alsdlechnical Conference Tr. at 132-133 (keeping up &iminute settlements
could be challenging for smaller distribution uie#§);id. at 200.

48 Anza Statement at P 14.
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coordination agreements would require legal, mamege and administrative staff to create the
agreements and ongoing administration to keepgheeaents currefit.

All of these new systems would, of course, requirgtribution utility personnel to
manage and maintain theth.Distribution utility personnel would also be rémual to assume the
duties associated with reviewing requests from DERgarticipate through an aggregator in the
wholesale electric markets. This may cause delaysreviewing new interconnection
applications, and, in cases with high demand foRRi§gregation, the need for additional staff.

Special interfaces and data repositories with mieltilevels of firewalls would be
necessary in order to facilitate the sharing of data between the distribution utility and DER
aggregators. This would impose setup and long-temaintenance costs that would be
prohibitive if only a small number of DER aggregatactually participate in wholesale electric
markets. Likewise, the development of new dataispaagreements would require the
expenditure of funds that would otherwise not beessary?

Finally, in order to ensure that the various c@stsociated with implementing any third-
party DER aggregations are recoverable by theilligion utility, additional billing and tracking
systems would need to be developed, creating additadministrative costs.

C. The Industry Is Not Uniformly Ready for Third-Party DER Aggregations;

Therefore, the Commission Should Defer to Each RERRs Timetable for
Implementation.

1. Cooperatives Have Been Successfully Integrating DEER

%9 NHEC Statement at P 14.

0 Triplett Affidavit at P 23.

*L Triplett Affidavit at P 35; NHEC Statement at P. 11
2 Triplett Affidavit at P 24.

3 NHEC Statement at P 12.
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Cooperatives have proven time and again that tmeywalling and able to integrate
cooperative-owned and member-owned DER into thetridution and G&T operations. Many
cooperatives, even those on the smaller end o$pketrum, have a history of integrating these
resources as a key part of the services they pgawidheir members. NHEC, for example, has
more than 900 member-owned Solar photovoltaic (By¢fems ranging from 48 watts to 288
kW totaling 7.5 MW, and 2.0 MW of PV that is owneég NHEC>* In 2017, Anza added
1455.5 utility solar watts per customer, and Pidkwilectric Cooperative in Tennessee added
1195.9 watts per customer—ranking them second andH, respectively, in the annual utility
solar rankings by the Smart Electric Power Alliante

Cooperatives have also taken a leading role in comityr solar and related projects.
Nearly 200 cooperatives have a community solar gamog far exceeding the number of
programs run by investor-owned and public-powelitie§ combined® Garkane Energy
Cooperative, for example, incorporated a rooftolarsarray into a performance pavilion that it
built for a city park in Kanab, Utah, allowing itsembers to purchase renewable energy from
it.>” To assist cooperatives in solar PV ownershipreffdNRECA initiated its Solar Utility
Network Deployment Acceleration project, which pod®s resources aimed at helping

cooperatives at every phase, from initial concdat@on to design, implementation, service

54 NHEC Statement at P 5See alscAnza Statement at PP 6, 9-10; Dakota ElectriceStant at P 5; Ozark
Statement at P 5.

5 Smart Electric Power Alliance, 2018 Top 10 Wirsmyavailable at https://sepapower.org/2018-top-rthers/.

*  Michael W. Kahn,Cooperatives Lauded as ‘Trailblazers’ in Commurfiglar, NRECA (May 4, 2018),
https://www.electric.coop/cooperatives-lauded-agdHtazers-in-community-solar/.

> Derrill E. Holly, Utah Co-op Gets Creative With Solar ArrayNRECA (April 16, 2018),
https://www.electric.coop/utah-co-op-creative-sqpamwver-array/.
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offering and member engagement. This project hasltezl in 17 cooperatives installing more
than 20 MW of utility-owned solar PS?.

Furthermore, many cooperatives are active in thdogenent of storage resources. In
2017, Kauai Island Utility Cooperative in Hawaiidlghe nation in watts of storage per
customer?’ and Pedernales Electric Cooperative received aibeent of Energy grant relating
to the use of storage to stabilize high penetratioh solar energy into the gril. Dakota
Electric’'s G&T cooperative, Great River Energy, l@en able to store a gigawatt of energy
each night by controlling the electric resistancer heaters of 65,000 end-use memBerk
2016, NRECA helped launch the Community Storagealie, which is focused on supporting
wide-scale implementation of energy-storage tedagie$, including the use of residential
electric water heatefs.

2. States Are in Different Stages of Developing New kdes To Adapt to
Higher Levels of Penetration of DERSs.

While states have been regulating solar gener&iomany years, they are currently in
the midst of a major transition, as they attemptiétermine how to manage the economic and
engineering impacts of increased solar penetrafimio distribution system operations.

According to a recent report, in 2017 alone, 4%estalus the District of Columbia considered or

8 SUNDA ProjegtNRECA, https://www.cooperative.com/programs-seesibts/sunda-solar/Pages/default.aspx.

¥ Andy Colthorpe Hawaii, California lead the way in SEPA’s utilithergy storage ranking€Energy Storage

News (April 27, 2018) https://www.energy-storagmvs/news/hawaii-california-lead-the-way-in-sepalkbyr
energy-storage-rankings (citing information from émElectric Power Alliance)See alsoSmart Electric
Power Alliance, 2018 Top 10 Winners, availabletisi//sepapower.org/2018-top-10-winners/.

€ Danielle Ola,AMS and Pedernales Electric Cooperative win US 43rllion energy storage granEnergy

Storage News (Feb. 3, 2017) , https://www.energyasfe.news/news/ams-and-pedernales-electric-cdopera
win-us3.24-million-energy-storage-g (citing Advadddicrogrid Solutions as source)

®1  NRECA Media RelationsElectric Co-ops and Natural Resources Defense Gburmmnch “Community

Storage” Initiative; Unveill New Research from The rale Group (Feb. 10, 2016),
https://www.electric.coop/on-the-issues/distribuégstrgy-resources/.

2 Community Storage Initiative, http://www.commuysitorageinitiative.com/.
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made changes to their solar policies or rate deSigmong the significant actions taken were
the replacement of net metering with net billing.g( Indiana, New York) and the
implementation of a time-varying rates pilot pragréNew Hampshire§* Furthermore, some
states are considering distributed solar policyhimitthe larger context of grid modernization
proceedingse.g, lllinois, Maryland)®®

States are also beginning to explore the econongieeagineering impact of integrating a
wide range of other resources into distributiontesys operations — from storage facilities to
electric vehicle (“EV”) charging stations. New Yoifor example, initiated “a transition from
the historic model of a unidirectional electric ®®m serving inelastic demand, to a dynamic
model of a grid that encompasses both sides ofutliey meter and relies increasingly on
distributed resources and dynamic load managerfiéntThe Department of Energy’s Grid
Modernization Laboratory Consortium recently reésha report with a snapshot of current state
engagement in distribution system planninglt describes activities in states that have aglbpt
some advanced elements of integrated distributimtesn planning and analysis (California,
Hawaii, Massachusetts, Minnesota, and New York) hoted that among the states more
broadly, the “[a]pproaches to state engagement igtrilttion system planning and grid

modernization planning vary widely” and “range fr@ntohesive set of requirements laid out in

8 50 States of Solar Q4 2017 Quarterly Review & 28btual Review, Executive SummaXC Clean Energy
Technology Center, Jan. 2018, at 5, available h#ps://nccleantech.ncsu.edu/wp-content/uploads/Q4-
17 SolarExecSummary Final.pdf

64 |d. at 9-10.

8 d. at 10.
66

In the Matter of Distributed System Implementat®tdans Order on Distributed System Implementation Plan
Filings, N.Y. P.S.C. Case No. 16-M-0411, at 1 (Mhe®¢ 2017).

DOE Grid Modernization Laboratory Consortium,t8tBngagement in Electric Distribution System Plagn
(Dec. 2017), available at
http://eta-publications.|bl.gov/sites/default/filsate _engagement in_dsp_final rev2.pdf

67
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state statute or PUC orders, to an ad hoc requireime general rate case decision for the utility
to file an initial long-term distribution systemapl or grid modernization plaf®

One approach is the CAISO’s Distributed Energy Reses Provider (“DERP”)
mechanism, which the Commission accepted in 2016inder that mechanism, a DERP that
aggregates DERs to participate in CAISO wholesaekats must comply with the applicable
distribution utility’s tariffs and operating proaaicts, as well as the requirements of the local
regulatory authority, if any. These actions demate that many states, on their own initiative,
are taking an affirmative role in encouraging tlevelopment of DERs on timetables that are
consistent with their own policies and prioritieSIRECA encourages the Commission to allow
these processes—which have proven robust witheut¢kd for overarching federal mandates—
to continue at their own pace.

3. The Industry’s Revised Standard That Addresses DER

Interconnections Just Became Effective After Yearsef Work and Will
Take Additional Time To Implement.

Any Commission rule governing the participation DER aggregations in wholesale
markets must take into account and be consistethit tve new version of IEEE 1547, which
delineates the interconnection requirements for iBeneral. As a national standard, IEEE
1547 defines how DER is to be integrated into dhstron systems, which will affect how
distribution systems must be designed and opematedthe long term’” The major update to
IEEE 1547 was approved in February 2018, followifogir years of work by affected
stakeholders, including cooperative representativelse need for the significant reform to the

standard was driven by the surge in DER penetratitmthe grid in recent years, along with

% 1d. at C-1.
89 calif. Indep. Sys. Operator Carfl55 FERC { 61,229 (2016).

0" Revision of IEEE Standard 1547 - The BackgroundCtoange, Tech Surveillan¢Blov. 2016), at 10, available
athttps://www.cooperative.com/topics/operations/Doeuts/tsieeestandard1547ptlbackgroundnov2016. pdf
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changes in DER technology and economticdhe update was incredibly complex, resulting in a
far-lengthier standard than the version adopte&2DBB. Distribution cooperatives are in varying
stages of implementing the new standard, with thaskigh DER-penetration areas farther
along. Meanwhile, a companion standard on tessirgfill in the process of being developed,;
many distribution cooperatives are in stand-by mebtge this process is being completed.
Rather than force third-party DER aggregations aitalistribution utilities located in

RTO and ISO market regions, the Commission canrensdoes not disrupt the implementation
of this standard and run afoul of its requiremebys adopting the opt-out/opt-in proposal
NRECA advocates.

4, Addressing the Likely Costs, Benefits, and Risks aivholesale Market

Participation by DER Aggregations on the Nation’s Dstribution

Cooperatives Will Take Time, and the RERRAs Are inthe Best
Position To Determine the Appropriate Implementatian Timetable.

The significant costs and risks posed for cooperatiby immediate third-party
aggregation of DERs stand in stark contrast td#reefits of permitting cooperatives to continue
to perform the aggregative function themselvestarqermit third-party aggregation in a manner
and on a schedule appropriate to their circumstantée cooperative business model allows for
solutions that balance policy priorities with locabnditions while ensuring safe, reliable,
affordable, and sustainable electric service. Asnainstrated here, many cooperatives are
actively thinking about how to respond to DER growthile the future impact of DER is
unclear. The RERRA, which in many cases is thepewative’'s board, is best positioned to

decide how DER should be deployed.

T d. at1.
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Accommodation of third-party DER aggregators onrdhgtion cooperatives will require
investment in system upgrades and communicationspegnt and softwar€, as well as
increased operational expense, to manage what wamyldn essence, an entirely new line of
business. In addition to the need for new and agignt equipment, third-party DER aggregation
may result in cooperatives needing to upgrade thstribution facilities before they otherwise
would, solely to accommodate the DER aggregatidng/ould force these costs on cooperatives
well in advance of the time that their systems awlmle—and therefore their member-
consumers—would benefit from them.

In the near term, the incorporation of DERs onrdiation cooperatives can be achieved
much more efficiently by cooperatives integratifgerh into their load-serving operations
directly, rather than by third-party aggregatioecéuse direct integration does not require the
added layer of infrastructure and operation thahagang third-party aggregative activities
would. To be sure, significant investment and apeg expense is already being incurred by
cooperatives as they work to accommodate and niekbdst use of cooperative- and consumer-
owned DERs. Reconfiguring and operating a systesigded and operated on a one-way basis
to move power to load in order to absorb the outfuncreasing amounts of DERS requires
system alterations and the installation and opmmadif additional communications and control
equipment. But cooperatives can tailor the timamgl scope of these investments and activities
to the actual pace and extent of DER developmentheir systems. In contrast, taking
immediate steps to accommodate third-party DERegggdors would front-load the development
process, assuring that significant investments teéllmade well in advance of the time that

would benefit all of the cooperatives’ member-cansts, as distinguished from the aggregators.

2 Ozark Statement at P 7 (additional metering eqaifin P 9 (measurement and verification systems)p P
(additional resources to process interconnections).
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A top-down approach to third-party DER aggregatigmores that distribution utilities
and RERRAs are in a better position to analyzeeitent and timing of investments necessary to
accommodate increased DER. |IEEE 1547 recognizés #xplaining that under the
“performance-based category approach” each relegamhority governing interconnection
requirements (“AGIR”) will “perform a DER impact ssssmenbased on anticipated DER
deployment for the futurg® By contrast, a one-size-fits all approach woulgase significant
costs on all distribution utilities in advance ¢iettime, if ever, when these costs would be
justified. These costs would effectively be stehdf the aggregations never materialize,
resulting in a significant waste of investment.

NRECA submits that the better approach is to altistribution cooperatives to continue
to steadily integrate DER—as they have been fouraber of years already—rather than use a
top-down rule allowing immediate aggregation inRIO and ISO regions that could result in
unnecessary investment for some and major techprocddlems for others. The timing for all
steps of the ramp up and implementation of thirdypaggregation and for individual
aggregation activities must reflect limited stafficapabilities and competing obligations of
distribution utilities.

D. Forcing Third-Party DER Aggregation on Distribution Cooperatives Would
Prevent Them From Achieving the Full Benefits of Inegration of DERS.

1. Third-Party DER Aggregators May Engage in “Cherry Picking,” to
the Disadvantage of Distribution Cooperatives.

The Commission’s proposal, if not modified to pdropt-out/opt-in, would frustrate the
ability of cooperatives to use their own or theembers’ DER which, as explained above, may

be a significant part of many cooperatives’ intégglaresource portfolios. If those DER

3 |EEE 1547 § B.3.1 (emphasis added).
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resources are available to third-party aggregatdihss could severely undermine the
cooperative’s ability to manage cost and risksit®rconsumer-members. This can undermine
the economics of a cooperative’s DER programsyrin teducing the cooperative’s incentives to
invest in DER and the infrastructure required talda it, and effectively removing DER from
the cooperative’s integrated resource portfoliv.can also undermine reliability by increasing
the unpredictability of load on a cooperative’steys. These factors were an integral part of the
Commission’s decision to permit RERRAs to decidesthibr to allow aggregators to bypass
utility demand response programs and bid retail afehresponse directly into the wholesale
markets in Order No. 719.

Aggregators can reasonably be expected to checkytbe most lucrative DERs. The
most obvious result of such cherry-picking from th&tribution system point of view will be the
loss of a heretofore significant risk managemeat. tarhe utility’s own integration efforts will
be impeded, and the reduced scale and scope ofntbgration effort will disadvantage
customers “left behind,” possibly leaving them watllisproportionately higher portion of future
distribution investment.

2. Third-Party DER  Aggregation May Impair Distribution
Cooperatives’ Ability To Manage Costs by Affectingthe Peak Load.

Saddling cooperatives with the financial and openatl challenges of managing third-
party DER aggregators may hinder their own efftot®iarmonize the operation of behind-the-
meter generation, distribution, transmission antred-station generation resources to serve load
in the most reliable, economic fashion possible.significant issue is that a third-party DER

aggregator would be responding to wholesale prigmats instead of local distribution

" Wholesale Competition in Regions with OrganizedteMarkets Order No. 719, 73 Fed. Reg. 64,100 (Oct.
28, 2008) (“Order No. 719"prder on reh’g Order No. 719-A., 74 Fed. Reg. 37,776 (July ZH)9Q (“Order
No. 719-A"),reh’g denied Order No. 719-B, 129 FERC 1 61,252 (2009).

23

ME1 27534149v.2



conditions. As a result, the DER aggregator cayddrate its portfolio in way that could affect
the distribution cooperative’s peak lo&d.This, in turn, can affect the ability of the distition
cooperative—and potentially its G&T cooperative there is one—to effectively manage its
costs’® For example, the DER aggregator may seek to magiits DER output at the 1SO or
RTO coincident peak load, when wholesale prices may be highest. The digicb
cooperative would seek to do so at its non-coimtigeeak load at the substations where it
receives wholesale power (either from its G&T ohnest power supplier). If the distribution
cooperative is part of a G&T, and the G&T had coihtif the DER, it might seek to maximize
the DER output at th€&T's non-coincident peak load. In any event, a DER@ggfor creates
uncertainty for both cooperatives and makes it nabffecult for them to control their respective
peak load$® For distribution cooperatives, this could redtice benefits that they have been
able to achieve through careful planning of DERtl&ir systems. These concerns could be
exacerbated if the aggregated DER is a storagktyaCi Behind-the-meter storage DER could
increase the cooperative’s peak load at the timeh@fRTO’s peak, and having DER energy
storage aggregation participating in wholesale ei@rkdds additional complexity and cdts.

As explained by one of NRECA’s member cooperatives:

Allowing third-party aggregators to assume contafl the demand

management loads or the member-owned generatit@nsysand to offer
services independently to the transmission gridjldicsimply putdestroy

S Triplett Affidavit at P 6.

’®  Dakota Electric Statement at P 5.

" Peaks of distribution utilities and ISOs are alatays coincidentSeeTechnical Conference Tr. at 454.

8 The cooperatives will need to know the amounPBR aggregator output during the period used byG&&

to bill the distribution cooperative for wholesglewer and transmission costs. Many G&Ts have a ddma
component in their rates. The DER aggregator nagdttie price signals used by the cooperatives tagea
their costs.

" NHEC Statement at P 18.
8 Triplett Affidavit at P 7; Adams-Columbia Statenhen P 11.
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Dakota Electric’s ability to control our system geaDakota Electric
would no longer be able to plan for or rely on thesn-wired solutions to
reduce the distribution costs for our members. s Muld result in the
need to construct millions of dollars of additionalibstation and
distribution system capacity. This would also tesuhigher peak loads,
which, in turn, would cost our member-customerslioms of dollars
annually in higher electrical bilfs.

Similarly, third-party DER aggregation could negaty affect the ability of distribution
cooperatives to use conservation voltage reducfi@VR”), the practice of intentionally
lowering the voltage on primary distribution cinsuto maintain voltages on the secondary side
to be in the lower portion of the acceptable vadtagnge? Pee Dee Electric Cooperative
("“PDEC”), for example, has a history of using CVR teduce peak demand costs, and has
automated its CVR process with converted water eéneatvitches to lower and reset the
regulators automatically for peak demand reducti8y. reducing its peak demand, CVR saves
PDEC’s consumer-members costs without the neet&at shedding. CVR can be effectuated
without costly investment in equipment and can jodgsenable the utility to defer adding
capacity to its system or eliminate such additialtsgether. Third-party DER aggregation could
disrupt the benefits of such CVR prografhs.

E. Small Entities Have a Particular Need To Be Able TadChoose To Manage
Integration Themselves.

By its nature, the proposed rule will have a diiegbact on distribution utilities, a large
number of which meet the definition of “small eyitiinder Regulatory Flexibility Act! These
small entities will find it particularly difficulto comply with a national aggregation standard that

imposes significant costs on them.

8 Dakota Electric Statement at P 7 (emphasis iriraly

8 Rob Ardis and Robert UluskiCVR Is Here to StayT&D World Magazine (Aug. 26, 2015), available at
http://www.tdworld.com/grid-opt-smart-grid/cvr-heséay

8  gSee alscAdams-Columbia Statement at P 12.

8 5U.S.C. §601(6).
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Many distribution utilities do not have the scate make the investments required to
enable third-party DER aggregation on their systenifie considerable amount of funding
required to potentially benefit a small number a$tomers imposes too large of a burden. Small
utilities face competing capital requirements, i staffing to deal with the added complexity,
and insufficient resources to perform system stitiiemake determinations regarding hosting
capability and other issues. Moreover, given tis&e, they have limited—if any—ability to
participate effectively in RTO/ISO stakeholder pgsses to protect the interests of their other
customers in the development of market rules awddieation agreements.

It is therefore beyond dispute that a rule impodigR aggregation requirements on
small distribution utilities would, under the Regtdry Flexibility Act, “have a significant
economic impact on a substantial number of smailies”®> Contrary to the certification in the
NOPR®® such a rule would impose financial burdens welydmel the six RTOs/ISOs.
Accordingly, as part of its final rule, the Comniass must publish a final regulatory flexibility

analysis®’

The analysis must include, among other thingsgstimate of the number of small
entities to which the rule will apply (or an expédion of why no such estimate is available) and
a description of the projected reporting, recorgkeg and other compliance requirements of the
rule3® Most importantly, the analysis must include:
a description of the steps the agency has takemitomize the significant
economic impact on small entities consistent wiie tstated objectives of

applicable statutes, including a statement of dutulal, policy, and legal reasons
for selecting the alternative adopted in the findé and why each one of the

% 5U.S.C. § 605(b).

% NOPR at P 165.

8 5U.S.C. § 605(b).

% 5 U.S.C. 88 603(b)(3), (4).
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other significant alternatives to the rule consdieby the agency which affect the
impact on small entities was rejecf&d.

The Commission can satisfy these requirements—udrape even obviate the need to
conduct a final regulatory flexibility analysis—Ilayadopting in its final rule an opt-in structure
for smaller distribution utilities.

F. NRECA’s Proposed RERRA Language Would Continue theCommission’s
Use of “Cooperative Federalism” To Respect Traditioal State and Local
Jurisdiction Over Retail and Local Distribution Service.

NRECA urges the Commission to include in the finge in this proceeding an opt-
out/opt-in structure similar to that implemented demand response in Order Nos. 719 and 719-
A. Specifically, NRECA recommends that the follogrilanguage be added as subsection (iii) to
the regulatory text to be set forth in 18 C.F.RB588(g)(10):

(i) An independent system operator or regionahmission organization must
not allow bids from an aggregator of distribute@rgyy resources on utilities that
distributed more than 4 million megawatt-hoursha previous fiscal year, where
the relevant electric retail regulatory authoritylpbits such distributed energy
resources to be bid into organized markets by gneggtor of distributed energy
resources, or from an aggregator of distributedggnessources on utilities that
distributed 4 million megawatt-hours or less in grevious fiscal year, unless the
relevant electric retail regulatory authority petsnisuch distributed energy
resources to be bid into organized markets by gneggtor of distributed energy
resources.

This additional language, which tracks the optapttin structure for demand response
set forth in 18 C.F.R. 8§ 35.28(g)(1)(iii), wouldrge multiple purposes. First, the RERRA is the
entity that regulates retail electric service faustomers, such as a state public utility
commission, the city council for a municipal utilitor the governing board of a cooperative

utility.®° As such, the RERRA is the entity that is authatiz®/ state or local law, and is

8 5 U.S.C. 88 604(a)(6) .

% geeOrder No. 719 at P 158 (“The term ‘relevant electetail regulatory authority means the entibat
establishes the retail electric prices and anylredenpetition policies for customers, such asditg council for
a municipal utility, the governing board of a comt#ve utility, or the state public utility commies.”).
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inarguably best positioned, to determine the exienthich DER may use the local distribution
system to participate in aggregations, consistatft tive safety and reliability of the distribution
system and consistent with retail-level programgitomote and manage the DER owned by
retail customers and the DER owned by the cooperdti Second, this language would continue
the Commission’s adherence to the principle of fmrative federalism” endorsed by the
Supreme Court Third, the “opt-in” language would reduce the gdiance burden on smaller
entities, consistent with the Commission’s actio®rder No. 719-A.

Fourth, the provision would be consistent with IEBEB47. That standard affords
significant discretion to the relevant AGIR, which,the case of most distribution cooperatives,
is the cooperative’s boafd. Among other things, IEEE 1547 makes clear thatapplicability
of certain requirements and specifications is tal®@ermined by the AGI® that the degree of
AGIR involvement will “vary in scope of applicatiomnd level of enforcement across
jurisdictional boundaries.® and that “it remains in the responsibility of aGWR to quantify
impactful DER penetration level§*

G. The Commission Should Address the Impacts On Distoution Utilities in
Fashioning the Final Rule.

%1 A so-called “opt-out lite,” as discussed duriranBl 2 of the technical conference and posed iratititional

guestion 6 in the Notice Inviting Post-Technicalnfavence Comments, which would enable the RERRA to
forbid or permit simultaneous participation in wesdle and retail markets by DER, would be inadeqfoat
this purpose. It would not give the RERRA contogkr the timetable for DER aggregation on distittut
utilities under its jurisdiction. It would only @llv the RERRA to defer the additional burden onritistion
utilities of devising the metering and communicatiocto protect against double compensation andecklat
misconduct.

%2 FERC v. Electric Power Supply Ass186 S. Ct. 760, 780 (2016).

% |EEE 1547 states that the AGIR “may be a reguwatmgency, public utility commission, municipality,

cooperative board of directors, etc.” § 3.1. Sdfistributed cooperatives are regulated by statdigublity

commissions.
% |EEE 1547 88 1.4, 4.1.
% |d.§3.1.

% |d.881.4n.12, B.2 n.134.
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NRECA urges the Commission to include certain funeatal protections for distribution

utilities in any final rule in this proceeding:

A seat at the table for RTO/ISO discussions:Given the substantial impacts that third-party
DER aggregations could have on distribution ugfitithey must be able to participate in the
development of any relevant market rules and coatdin agreements. In light of the

resource-intensive nature of such processes, fgrafiparticipation in the process for small

distribution entities that lack capacity otherwiseparticipate should be through RTO/ISO
tariffs (e.g, similar to the funding mechanism for consumeroadtes in PIM}’

DER aggregation registrations: NRECA concurs with statements made in Panel 6ith&a
insufficient for the distribution utility to havée right to review a list of DERs in a proposed
aggregation and report to the RTO/ISO on whetherdsources are eligible to particip&te.
The distribution utility needs information abouetattributes of the DERs, their locations on
the distribution grid, and the proposed aggregatidhe distribution utility’s consent to the
aggregation is a necessary prerequisite beforagheegation may operate. Moreover, an
interconnection agreement with the DER is necesbkatynot sufficienf® To determine
whether the DER may be operated in an aggregatendistribution utility needs to be able
to conduct an integration study that considers gmmblogy. A reasonable timetable for this
study must be provided, as is the case with geineratterconnection studie

Coordination agreements: As the discussion in Panels 6 and 7 made cleardmation
agreements among the DER, aggregator, distributtdty, RTO/ISO, and other affected
parties (including G&T cooperatives and third-pargnsmission providers) are essential to
enable DER aggregation to be operated safely amutaiect distribution utilities and their
customers? The Commission should ensure that before DEReaggions are permitted to
proceed, adequate coordination agreements areage fthat would facilitate the two-way
(and more) information sharing and operational domtion that will need to occaf?
These coordination agreements must give the digioib utility the ability to override
RTO/ISO decisions regarding day-ahead and real-timpatch of DER aggregations that
threaten the safety and reliability of the locadtdbution system. The distribution utility
should not face any financial consequences fromDIB& aggregator or the RTO/ISO for
these necessary actiotfs.
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PJM Interconnection, L.L.C154 FERC { 61,147 (2016§h’g denied 157 FERC 1 61,229 (2016).
Technical Conference Tr. at 339-40, 345-346.

Technical Conference Tr. at 350-51, 355.

SeeTriplett Affidavit at PP 34-36.

Technical Conference Te.g, at 350-52, 355 (interconnection agreements atweenot enough)d. at 413
(identifying parties needed to coordinate)

Technical Conference Tr. at 380 (coordinationdeeebecause RTO/ISO does not have functional dootro
distribution system).

SeeTriplett Affidavit at P 40.
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DER participation in retail and wholesale markets: NRECA supports the NOPR’s

proposal that simultaneous participation in whdkesad retail markets not be allowed at the
outset. The discussions at the technical confer@micate that the metering, telemetry, and
communications to police this market activity dot mxist and will take some time to

develop. This decision could be revisited in tikurfe. But a structural protection is

preferable to behavioral rules at this early junetu

Privacy-related agreements: Distribution utilities need time to develop angeded
changes to or new privacy agreements that woulditéae sharing necessary metering data
without violating their privacy obligations to tihe&ionsumers/members.

Cybersecurity and other security protections: Similarly, distribution utilities need to
ensure that their operational, IT and other sgbedyocols are modified as needed to address
the impacts of third-party DER aggregation.

Interconnection procedures and compliance with IEEEL547: Distribution utilities need
sufficient time for review and modification of tiheinterconnection policies, process and
procedures to ensure that third-party DER partt@pain RTO/ISO markets will not create
any safety, reliability or power quality concerns their systems, and that implementation
will conform to the requirements of the IEEE stamida

Cost recovery: Although potentially controversial and complexst recovery and cost
allocation mechanisms need to be in place to enthat distribution utilities are kept
financially whole and that the DER aggregators ttmatse the need for costs to be incurred
pay for such costs. Among the issues to be adebtasshow to handle cost in the case of
DER retirements.

Hold harmless rules (to be included in coordinationagreements): Distribution utilities
should not be held liable to consumers, aggregaborR@TOs/ISOs for events outside of their
control, including unscheduled outages. Distrisutcooperatives need to be able to take
their systems down for maintenance without beiabglé to the DERs or the DER aggregator,
and to the extent that distribution outages interfgith the ability of DERs to earn wholesale
market compensation, the distribution utility shebabt be liable for these types of losses.

CONCLUSION

NRECA respectfully requests that the Commissionswhar these comments along with

the affidavit and its member statements appendestdhand adopt NRECA's recommendations

in the final rule.
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UNITED STATESOF AMERICA
BEFORE THE
FEDERAL ENERGY REGULATORY COMMISSION

Participation of Distributed Energy
Resource Aggregationsin Markets Operated
by Regional Transmission Organizations and
Independent System Operators

Docket No. RM 18-9-000

N N N N

AFFIDAVIT OF JEFFREY M. TRIPLETT, P.E. ON BEHALF OF
THE NATIONAL RURAL ELECTRIC COOPERATIVE ASSOCIATION

I ntroduction

1. My name is Jeffrey M. Triplett. My business addres2327-A State Route 821,
Marietta, OH 45750. | am the Vice President, Pof@elivery Planning and Design, at Power
System Engineering, Inc. (PSE). | provide expertis the areas of system planning, system
protection, power quality investigations, and distted energy resource (DER) interconnections.
Prior to joining PSE, | worked as the Engineerincaridger for two Ohio distribution
cooperatives, and as a Power Delivery Engineerafageneration and transmission (G&T)
cooperative. | received my BS in Electrical Enginieg from Ohio University and am a
registered Professional Engineer in multiple states

2. PSE was established in 1974 to serve the engimpand technology needs of
electric cooperatives. Over time, PSE evolved tocob®e a full-service consulting firm for all
electric utilities. PSE’s clients include municipailities, distribution cooperatives, generation
and transmission cooperatives, investor-ownedtigsli public utility districts, governmental
agencies, and industry associations across theaddSCanada.

3. The professionals at PSE include engineers, tel@msiceconomists, and financial

analysts. PSE has extensive experience in altdagkthe utility industry through several
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diversified practice areas. We provide serviceshim areas of power delivery planning and
design, distributed energy resources, industrialgiresering, utility automation and
communication, and economics, rates, and businkssipg. We are employee-owned and
independent. PSE presently has approximately 9plogees located throughout our seven
offices in Madison, WI (headquarters), Minneapol\, Prinsburg, MN, Marietta, OH, Sioux
Falls, SD, Lexington, KY and Topeka, KS.

4. | prepared this affidavit with the assistance afesal other individuals at PSE:

* DouglasF. Joens, P.E. (Manager, Transmission and Distribution Studies,
Minneapolis, MN)
Mr. Joens earned a BS degree in Electrical Engimgefrom lowa State
University at Ames, lowa with an emphasis in powsgstemsHe is experienced
with transmission and distribution system protect@nd planning studies, relay
and automation controller programming, commissignamd testing, substation
controls, and industrial facility system studiese ¢ a licensed Professional
Engineer in four states.

* ThomasJ. Butz, P.E. (Senior Consultant, Minneapolis, MN)
Mr. Butz earned a BS degree in Electrical Engimeggriemphasis in power
systems) from the University of North Dakota at &fdorks, North Dakota. He
is responsible for transmission planning, power psumplanning, integrated
resource planning, demand-side management evaisatand supply resource
evaluation.

Experience also includes wholesale purchase powatuaions, RTO/ISO
pricing analysis, RTO/ISO congestion analysis, atectric utility strategic
planning. In addition, Tom was involved in helpito design and implement a
wholesale joint generation dispatch model on twuasate occasions for utilities
in the Midwest before the April 1, 2005 start dafethe MISO LMP market.
Tom has also been working with two RTO market pgénts in making the
transition for a distribution co-op from an all-tegements power supply of one
market participant to another market participahte is a licensed Professional
Engineer in Minnesota.

* Peter A. Koegd, P.E. (Manager, Transmission Studies, Minneapolis, MN)
Mr. Koegel has over 18 years of power utility expece, including generator
interconnection studies, transmission planningisgjdransfer capability studies,
steady-state modeling and analysis, economic pignistudies, probabilistic
assessment studies, and under frequency load sigesididies. Mr. Koegel also
has experience with regional OATT administrationERE Order 1000
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implementation, NERC reliability standards compd@nand generation reserve
sharing pools. He is a licensed Professional EmgimeArkansas, Minnesota, and
North Dakota.

* Richard J. Macke (Vice President, Economics, Rates, and Businesmi?ig,
Minneapolis, MN)
Mr. Macke leads the Economics, Rates, and BusiRéssning practice area at
PSE where he serves on both the Board of Directord the Executive
Committee. He and his staff provide services tlitie8 and the utility industry in
areas concerning business strategy, cost of sestighes, rate design studies,
demand-side management programs, resource plannipgrformance
benchmarking, mergers and acquisitions, regulatsupport and expert
testimony. He is frequently called upon to spealttlity management, directors,
commissioners, and industry associations on a braage of topics related to
utility economics, finance, rateand business strategy. He holds an MBA from
the Carlson School of Management at the Universitiinnesota and has over
21 years of experience consulting with electriditigs.

* CurtisA. Lyons (Transmission Planning Coordinator, Minneapolis, MN
Mr. Lyons has over 40 years of experience in tlehrgal, financial, IT, and
administrative fields. He has significant experiene the RTO/ISO Generation

Interconnection study processes, RTO/ISO tariffsd gerforming technical
analysis.

My views expressed in this affidavit are based @nyRars of personal experience
working with distribution and generation & transsitn (G&T) utilities, many small as defined
by the industry. The team at PSE that assistethrmpesparing these comments has a wealth of
experience working in areas related to DER intemegctions, utility operations,
transmission/distribution planning, power supplarmling, metering and communications
technologies and systems, RTO/SO transmission aanttemtariffs, and in general all facets
related to the technical, economic and market &etiens associated with delivering electrical
power and energy from generation to the end-usewuoers. In addition, | interviewed a
number of NRECA member systems on topics associatddthis affidavit which helped to

provide a broader perspective to the views expdessthis affidavit.
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M. Summary

5. NRECA asked me to provide my analysis of the likehpacts on distribution
cooperatives of the Notice of Proposed RulemakM@RR) published by the Federal Energy
Regulatory Commission (FERC), which proposes to uireq Regional Transmission
Organizations (RTOs) and Independent System Oper@&Ds) that administer wholesale
electric markets to allow aggregations of DistrdsliEnergy Resources (DER) to participate in
those markets. The NOPR presents technical and economic chaterigm a distribution
utility’s perspective that need to be considered addressed before DER can successfully
aggregate and participate in wholesale electrickatar The technical challenges come at a
volatile time for the industry considering that tieehnical standard for interconnecting DER to
utility systems (IEEE Std 154%-2018, Standard for Interconnection and Interoperabilitf o
Distributed Energy Resources with Associated Hied®ower System InterfageEEE-1547-
2018) has just recently been significantly reviSeEEE 1547-2018 is very new and the industry
has just started to work through incorporating thesw standard. It will take time for
implementation to occur and adding DER aggregagioe participation into wholesale electric
markets while this implementation is being donel wdmplicate matters and increases the

likelihood of unintended consequences being expee.

! Electric Storage Participation in Markets Operateg Regional Transmission Organizations
and Independent System Operafootice of Proposed Rulemaking, FERC Stats. & Ré&g82,718
(2016) (NOPR).

> |EEE 1547-2018 is the cornerstone standard in réesseof standards relating to DER
interconnections. In response to IEEE 1547-2018goeevised, other significant standards in thisese
in particular IEEE 1547.1IEEE Standard for Conformance Test Procedures faguiment
Interconnecting Distributed Energy Resources witbcEic Power Systems and Associated Interfaces,
are also presently being revised. Until the red¢wandards in the series are all updated consigith
IEEE 1547-2018, the industry will be heavily enghgeconforming to IEEE 1547-2018.
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[11. Technical and Operational Considerations

6. DER participating in wholesale electric markets am aggregated basis, and
independent from utility coordination and directigrmote that this is an important distinction as
DER aggregated by a utility and operated in a coatdd fashion by the utility presents far less
technical and operational challenges), may haveandial incentive to change their behavior
and operate differently than DER not participatinghese markets. In particular, DER may be
dispatched to maximize value in the RTO/ISO whdé&esdectric markets without taking into
account conditions on the distribution system. sTéan be even more of an issue when the
wholesale electric markets are being served by mBER installations through a DER
aggregator. The times when these wholesale alentarket services are needed may not
necessarily be aligned with the distribution utistystem needs, particularly for rural distribution
utilities. For example, RTO/ISO loads typicallygBeearlier in the day than rural distribution
utility loads that are predominately residential nature, thus creating greater capacity and
energy needs at different times on the Bulk Elec8ystem (BES) than on the distribution
system. This peak mismatch could increase this dosdistribution utilities, which are simply
trying to minimize their peak loads to keep costavd for their consumers, when DER
aggregators respond to wholesale electric marketshéndependent from distribution utility
coordination and direction.

7. The provision of ancillary services in wholesalerke#s creates the potential for
an even larger disconnect between wholesale eleptarket needs and distribution system
needs, because these services, such as spinn@rgagssupplemental reserves and regulation,
may have no correlation at all with distributiorsem load. Instead, these needs may be based

solely on conditions related to the BES and gerratvailability. In the case of energy storage,
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this disconnect could be exacerbated if storagksharging in response to a wholesale electric
market need or dispatch signal during a time wlinendistribution system has no need for its
output, and subsequently charging during a timenathe distribution system load is higher, and
charging is therefore less desirable.

8. Technical and operational concerns exist when agdee DER is asked to
respond to wholesale electric market needs/sigeafsgcially during lighter loading distribution
time periods. The issues highlighted here will vbersened with DER aggregation, if not
properly coordinated with the distribution utilitgue to larger amounts of DER responding at
the same time all across a distribution utilityes\sce territory.

. Reverse power flow risk increases. Distribution systems were originally
designed for radial, one-direction power flows. nfeo facilities have been
upgraded over time to accommodate two-way poweavd]gparticularly to allow
backfeeding areas of the system during contingentiewever, not all facilities
have a need for this capability, and a signifigaottion of existing distribution
system feeders cannot accommodate reverse powes. flgoltage regulators and
protective devices are the distribution assets naistrisk for experiencing
unintended consequences during times of reverseemp@laws. For example,
voltage regulators that cannot accommodate reveoseer flows can raise or
lower the voltage to unacceptable levels when s®/epower flows are
experienced, and protective devices can mis-opeaatk cause unnecessary
outages when reverse power flows above their clfyalir programmed
thresholds are experienced.

. Voltage stability issuesincrease. The risks of voltage rising to levels above the
ANSI C84.1 Standard for Electric Power Systems and Equipmeoitaye
Ratings and of experiencing unacceptable levels of veltégctuations/flicker
increases with greater amounts of DER output aspeoed to load. These are
two of the leading limitations confronted by highpenetrations of DER.
Curtailing DER output during lower distribution ag periods is one strategy
used by distribution utilities to allow greater éés of DER interconnection on a
feeder. However, if distribution utilities attentot curtail DER output in order to
maintain acceptable distribution system voltageele\at the same time a DER
aggregator is responding to wholesale electric etaskgnals, this could have the
effect of frustrating the distribution utility’s feirts and could, ironically, lead to
overall lower levels of DER penetrations being izsl.
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Increased operations of distribution equipment. Voltage fluctuations caused
by DER variability and intermittency cause more gfrent operations of
distribution voltage regulating equipment, whichregases maintenance costs and
shortens the life of such equipment.

Increased risk of unintentional idanding. Islanding is a condition where a
portion of a utility system is electrically sepadtirom the normal utility source
and energized solely by DER. Unintentional islaats a serious safety concern
and can also have negative consequences to the powalty being experienced
by other consumers served in the island. Forlandsto be sustained, generation
and load must be reasonably matched such thatolteege and frequency do not
deviate outside of established trip parametersEEIEL547-2018 notes that in
regards to meeting the unintentional islanding owns, “reliance solely on
under/over voltage and frequency trip is not com®d sufficient to detect and
cease to energizand trip.”® Therefore, other means of detecting an island may
need to be employed. One such strategy employ@&avbyter manufacturers is to
include “active” anti-islanding provisions thateatipt to force frequency outside
trip parameters when operating as an island. Thesbods are implemented in
different manners by each inverter manufacturer leange not been proven to be
effective when many different inverter models apermating together across the
utility system. Greater DER output during loweading times increases the
probability of DER being able to carry the entingtdbution load and therefore
the risk of being able to sustain an unintentios&nd even with active anti-
islanding features included with certain inverterdals.

DER operational and protection settings requiredemsure safe and reliable

operation of the distribution utility consistenttwiEEE 1547-2018 may restrict how much DER

output can be provided to wholesale electric markeékhis may create a situation where DER

owners/operators intentionally or unintentionallyange these parameters to maximize return

from participating in wholesale electric markets.

10.

For example, the distribution utility typically remes the DER to operate at unity

power factor — a condition where no reactive po(d&kRs) are being supplied or absorbed by

* IEEE Standards Coordinating Committee 21, “IEEE n8&md for Interconnection and
Interoperability of Distributed Energy ResourceshwhAssociated Electric Power Systems Interfaces.”
IEEE Std 1547™-2018: 65.
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the DER. This is generally beneficial to the DERaeell, in that operating at unity power factor
allows for maximum energy production. Adjusting gpower factor of the DER to absorb VARs
can help to lower voltage and allow more DER taabeommodated in areas where DER output
is high compared to load. Operating the DER i flashion can actively change the voltage
through changes in reactive power flows on therifistion system, which cannot be allowed
without the approval of, and coordination with, thistribution utility* Any changes to the DER
power factor settings and reactive power flow hievbe coordinated with the distribution utility
SO as not to adversely affect utility voltage regioin schemes and the voltages experienced by
other consumers. Distribution utilities will tyaity work with DER to consider active voltage
regulation control strategies such as those indutte IEEE 1547-2018 when appropriate.
However, if distribution utilities were forced int@ving to do so as a result of FERC’s proposal
for DER aggregations, there would be a risk of haortheir distribution systems and the
consumers they serve. DER owners/operators cérenallowed to modify the operating settings
defined in their Interconnection Agreement with tthistribution utility to participate in, or
maximize benefit from participating in, wholesaleatric markets without regard for the needs
of the distribution system on which they are redyin

11. In addition, DER have specific protection settings;h as over/under voltage and
frequency, that are required to be programmed mptiance with the IEEE 1547-2018 standard,
and which are critical to the safe and reliablerapen of the distribution system. During times
of high generation and low load causing over-vatagn the distribution system, at some point

the DER will trip off-line due to the over-voltagéging experienced. A concern exists that

* |EEE Standards Coordinating Committee 21, “IEEE n8#&ad for Interconnection and
Interoperability of Distributed Energy ResourceshwAssociated Electric Power Systems Interfaces.”
IEEE Std 1547™-2018: 38.
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these critical protection features could be oveem or modified (intentionally or
unintentionally) to allow the DER to continue toeogte through these over-voltage situations so
as to allow the DER to contribute into the wholesakectric market. There is also a concern that
the distribution utility could be criticized or evéeld liable due to DER tripping off-line and not
being able to provide services they were dispatdbeprovide. Anecdotal evidence exists of
situations where inverter protection settings wehanged at some point after the initial
installation was tested, commissioned and apprdyethe distribution utility, likely to counter
tripping off-line during times of high voltage. Agegated DER participating in wholesale
electric markets may be dispatched to provide dutjpming times when the distribution utility
load is low and higher voltage levels exist, thosreasing the risk of unauthorized changes to
DER protection settings to counter this.

12. Based on my experience with distribution utilitieed my discussion with a
number of NRECA's distribution cooperative memberielieve that distribution utilities have
significant concerns related to RTOs/ISOs providaggregated DER access to the wholesale
electric markets using their distribution facilgie Improper implementation of these DER
aggregations could undermine distribution utilityafety, reliability, power quality and
economics, and could prevent the distribution tiggi from fulfilling their responsibility to
maintain these fundamentals for their facilitiesd asonsumers. State and local regulatory
authorities, industry working groups that produeehnical standards, industry associations,
special interest groups and utilities have workegether and have come a very long way to
work out methods and procedures to safely anduigliaterconnect DER to distribution utility

systems — the result being the newly adopted IEBE7R018 standard. The economic
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incentives posed by participation of aggregated OrEfRe wholesale electric markets should not
be allowed to trump these efforts.

13.  Safety is a top priority for distribution utilitiesOne simple yet very important
example of a safety concern related to DER is tétilbution system operator’s need to maintain
its authority for opening DER disconnect devicesxesded and in accordance with established
Interconnection Agreements, regardless of whetherDER has been dispatched to provide a
market service. |IEEE 1547-2018 is an excellentrgyta of an industry standard that recognizes
the complexity and potential issues from integ@iPER and grants the utility final approval
authority in many critical areas such as in theea#sactive voltage regulation discussed earlier.

V. Data, Systems, Communications

14. The FERC NOPR indicates “With respect to meterimgg recognize that
distributed energy resources may be subject toringteystem requirements established by the
distribution utility or local regulatory authority.Therefore, we propose that each RTO/ISO
should rely on meter data obtained through compdéianith these distribution utility or local
regulatory authority metering system requiremertienever possible for settlement and auditing
purposes, only applying additional metering systequirements for distributed energy resource
aggregations when this data is insufficiehtOn the surface, this sounds reasonable; however,
there are serious concerns related to the abifitplBR entities and distribution utilities to
comply with this proposal. If FERC directs RTO%MSto permit DER aggregation in wholesale
markets, this will require adequate systems to keeldped so that DER aggregators,
RTOs/ISOs and distribution systems have the meapsaperly interact with one another, as is

the case with the provisions imposed on any mar&dicipant.

> NOPR at P 152.

10
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15. Although DER aggregators may meet a defined miningi® requirement to
participate in wholesale capacity, energy and &mgilmarkets, there are defined requirements
for RTO/ISO wholesale market participation thatoalseed to be met, that can be broadly
categorized as follows:

. Metering & Communications

. Cyber Security & Privacy

. Real-Time & Market Operations
. Market Settlements
A. Metering & Communications

16. Existing distribution utility metering systems magt provide the granularity of
data €.g, 5 minutes) required by the wholesale electric ket for settlement and auditing
purposes. The capability of providing the realetiB5 second visibility required to participate
in real-time markets is rarely in place within thast majority of existing distribution utility
metering systems. Advanced Metering Infrastruc{édl) systems are designed with certain
specifications and uses in mind. The AMI equipmemtd in particular the communications
media and paths used to get data back from thernwetbe utility, have limitations and cannot
pass unlimited amounts of data. Providing reaktiar even 5-minute data would consume
bandwidth that might be needed for critical outag@orting and restoration efforts, end-of-line
voltage feedback into conservation voltage redac(il6VR) systems, and other distribution
utility operations. Data being provided througle tthistribution utility AMI system must be
prioritized, and metering data for the purpose &RDaggregators participating in wholesale

electric markets (both real time and other) wowddessarily need to be assigned a lower priority

11
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to keep the AMI priorities focused on duties redate preserving the safety and integrity of the
distribution system.

17.  Another potential issue with the distribution dsiliproviding metering data for
DER participating in wholesale electric marketshiat in many cases the utility is not currently
metering the actual DER output. In situations wehiée DER is being net metered, only the net
load or generation output after all local consurtwad is met by the generation output is
metered. It is unclear if the actual DER outputif®net output after considering consumer load,
is what would be counted in the wholesale eleatrarkets it might participate in. These rules
may vary by RTO/ISO; for example, under the CafhifarlISO (CAISO) DER implementation
regime, each DER participating in a DER Aggregai®io be directly meterédand may not
also participate in a retail net energy meteringgpam that does not expressly permit wholesale
market participatiod. Additional metering (aka a “production meter’)stalled on the
consumer’s side of the point of interconnection ldcae required to meter DER output if that is
required by the RTO/ISO. This expenditure wouledche¢o be at the DER’s expense if the
distribution utility does not require production teeng data for its load-serving purposes.

18. SCADA and AMI systems being installed at the préseme will typically
provide higher levels of data scan rates and &dailaetering data then older systems, but most
have not been designed to be capable of suppomigudet operations. Upgrading existing
metering systems and related communications mediprdvide additional functionality they

were not originally designed to provide could bstgarohibitive for many distribution utilities.

® CAISO Open Access Transmission Taffffective as of May 15, 2018), Appendix B.21
Distributed Energy Resource Provider Agreement (BERsection 4.17.5.2 Metering and Telemetry.

"1d., 4.17.3Requirements for Distributed Energy Resource Agafiegs item (d).

12
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It may be more cost effective for the RTO/ISO tstatl their own metering and communications
than for the distribution utility to do so and tharovide the RTO/ISO access to that data.

19. Distribution utility systems used to process amutestinformation and metering
data differ greatly depending on the needs of tisribution utility and how it can most
economically serve its consumers. Customer InfoomaSystems (CIS) alone are typically
sufficient for most small distribution utilitiesMeter Data Management (MDM) systems and the
latest generation AMI systems provide additionaictionality and would be needed to provide
the data likely required by the RTO/ISO to partatgin wholesale electric markets. Obtaining
and maintaining these types of systems would impadditional costs that many small
distribution utilities cannot justify for their noal operations. These systems may be cost-
prohibitive, and if they are only needed for a Hahaf DER aggregations participating in
wholesale electric markets, they are systems tigrilalition utilities would not otherwise
undertake.

20. Communication links between the RTO/ISO, the dsition utility, and the DER
would likely require secure data communication eys, software, and protocols to allow these
systems to share the information required for DERi@pation in wholesale electric markets.
Current rules don’t allow public internet as a neahcommunicating such data between market
participants and the RTO/ISO; it is unclear whadiaoinal communications would be required
to allow DER aggregations’ wholesale electric mapaaticipation.

21. Traditional generation requires two-way communaatwhere the RTO/ISO
sends dispatch signals to the generation, and #m&emparticipant sends the MW, MVAR,
breaker status, etc. of system elements to the FSUD/ If this level of communication is

required for aggregated DER participation in whaleselectric markets, many existing

13



Attachment A
Affidavit of Jeffrey M. Triplett, P.E., Power System Engineering, I nc.

distribution utility systems would likely not be eguate. The installation and maintenance of
any communications links and systems by distributigtilities to faciltate DER market
participation would be another added cost that dawded to be recovered by the distribution
utility.

22.  Providing and physically securing the facilitiegugpment, and software required
to gather data and securely exchange it betweerdigtebution utility, the DER, and the
RTO/ISO via secured and redundant communicatiocuts will require a significant
infrastructure investment. In addition, this mdgge additional burdens on distribution utilities,
by requiring them to comply with North American Eillec Reliability Corporation (NERC)
Critical Infrastructure Protection (CIP) requirertethat they would not otherwise be subject to.
For example, control centers that are capable olviging a means of communicating
information to the RTO/ISO are a medium- or higbelerisk as defined in the NERC CIP-
002.5.1a standaft.Would distribution utility facilities now fall uer the same type of NERC
CIP requirements? The ramifications of these awlwil requirements could be overwhelming
for a small distribution utility.

23. The aforementioned systems would also requireildigton utility personnel to
manage and maintain them. Small distributiontiggioften operate with minimal staffing
levels; adding sophisticated systems like theseldvidkely require additional staff that would
otherwise not be needed, and for which they laelfittancial means to support through their

existing customer base.

® North American Electric Reliability CorporatiotReliability Standards for the Bulk Electric
Systems of North AmericeCIP-002-5.1a Cyber Security — BES Cyber Systene@aization — 2018:
157.
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B. Cyber Security and Privacy

24.  Cyber security and privacy policies establishedlisyribution utilities typically
do not allow them to share consumer information@aswess to internal systems with other
parties. Special interfaces and data repositarigsmultiple levels of firewalls would need to
be created and maintained to facilitate the shasfrany data between the distribution utility and
any other entities, including DER aggregators. sEhaterfaces and systems would involve costs
to set them up and then maintain them over timertiayy be very prohibitive if only needed for
a handful of DER aggregators participating in wbale electric markets. The content of any
data shared would by necessity be very limited@ndd not include any sensitive consumer
information. Agreements would likely need to be jpuplace with the consumers whose data
would need to be shared with the RTO/ISO to gieedistribution utility permission to do so.
Developing such agreements would also be a casthéalistribution utilities would not
otherwise need to incur, and could be time- andue®-intensive.

C. Real-Time & Market Operations

25. Historically, RTOs/ISOs have attempted to utiliZieeit existing processes,
procedures, and protocols to the extent possibknvadding new services. It is anticipated that
the information and data requirements for DER aggpieg and participating in wholesale
electric markets would need to be comparable todineent requirements of other market
participants, as DER aggregators would be partirigain the same market operations and

settlement processes. Examples of expected inf@mmand data requirements include:

. 3-5 second operational data to participate in tiea- services;

. MDM systems and 5-minute data requirements for etaskttlements;
. Day-ahead load/generation forecast and marketrdgtarements; and
. 7-day ahead forecast for operational data requinésme
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26. The CAISO market rules approved by FERC in Juneés2dlbw aggregations of
DERs to participate in the CAISO day-ahead, remétiand ancillary services markets as
participating generators. What is being done at@AISO may serve as an indicator of the data
and information requirements that would be impdsgdther RTOs/ISOs responding to a FERC
mandate to allow DER aggregation and wholesaldreenarket participation. These DERs are
included in a DER aggregation, which has to becaroertified Scheduling Coordinator (SC) or
retain the services of a certified SC to act onrthehalf in order to participate in the CAISO
market. SCs are required to submit Actual Settlgm@uality Meter Data or Estimated
Settlement Quality Meter Data for the DER aggregetithey represent for each Settlement
Period in an Operating Day to the CAISO. Each D#&Ricipating in a DER aggregation is to
be directly metered.

27. RTO/ISO Energy Markets typically include day-ahead real-time markets. The
day-ahead market schedules the energy productiomnebihe operating day, and requires a load
forecast and resource offering, typically by 3 pimthe day previous to the market clearing.
The real-time market balances the demand to seaa Wwithin transmission limitations, while
observing reliability criteria. Operational regemnents for the real-time market are more
stringent, where markets typically clear in 5-mauttervals and are monitored on a real-time
basis in 3-5 second intervals. Generator dispatarkey component to energy market operation.
RTOs/ISOs require visibility of generation and lpadcluding aggregated DER that is
participating in wholesale electric markets, in@rdo reliably operate the wholesale electric
markets.

28. Ancillary Services maintain the reliability of thBES. These services are

produced and consumed in near real-time, and iealegulation, operating reserves (made up of
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spinning, non-spinning, and supplemental reservels)ck start, and reactive power. Some
RTOs/ISOs have created an ancillary service mawketre regulation and reserves are the
primary commodities. Regulation provides marketeblasompensation to resources that have
the ability to adjust output or consumption in @sge to an automated signal. Regulation
maintains the real-time balance of generation aradl.l In order to effectively participate in
ancillary service markets, DER Aggregators wilelk need to aggregate energy storage devices
with DER to be able to regulate frequency and chanmp scheduled vs. actual generation
schedules or be able to ramp quickly to resporahtoperating reserve activation.

29. Capacity markets are typically designed to deteem@source adequacy in longer
timeframes (annual, seasonal or monthly), and eperddent on the documented levels of proven
production. The variability of DER output compliea matters and introduces much uncertainty
that they’'ll be available when needed. Marketsuleed to properly reflect the capacity value of
DER taking into account factors such as forcedgmitates and any variability of output.

30. If the expanded DER aggregation and market paaimp moves market pricing
into the distribution system, the inclusion of DER0 the RTO/ISO least-cost security
constrained economic energy dispatch will requisggaificant increase in the model complexity
in order to define the interaction of load and tese elements. DERs are more likely to be
successfully included by seeking to show the imp&c¢he associated Elementary Pricing Node,
and being able to provide a time synchronized fesdlti metering value for settlements.
Expanding marginal pricing to distribution utilisevould be an onerous requirement that would
impose a significant burden on those distributigstams that would be unlikely to provide any

benefits to the systems or their ratepayers.
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D. Market Settlements

31. Once the markets have closed and the Energy, Ggpawl Ancillary services
have been provided by all resources, there is aggin RTO/ISO wholesale markets where
parties are invoiced. This is commonly referrecagomarket settlements. Market participants
are compensated for resources provided and pasefoices received. Typically, entities gather
all the known information on billing units and png provided by the RTO/ISO and estimated
statements are generated and referred to as shaeftments. It is a fairly complicated
process, and typically requires specialized softvwaard databases. Smaller market participants
have ways of receiving the information that domvalve a full shadow settlement but the
review process is fairly intensive in terms of theman resources required. There is an
opportunity to raise questions on charges or @eoding made, and parties are continually
making requests to the RTO/ISO. There are timedsanf settlements being published for a
particular day of operations, and typically areied one week later (S7), two weeks later
(S14), etc.

32. The key to being able to evaluate settlement setesnis the metered load data,
and this will also be true for aggregated DER epténts. Identifying the aggregated DER
products (energy, demand, ancillary services) #natbeing settled in the wholesale market vs.
what items are being compensated in the retail etaikthese services are indeed allowed to be
provided in both markets, is also likely to be & kgece of information. Additional items of
interest for aggregated DER would be the assessaiemhat wholesale node is being used for
settlement, and how much of the energy is beinfpguliso the wholesale node, vs. how much of
the energy is being netted out with local loaddentifying the wholesale node is also likely to

be a key element in settlements. As explained @baeter data of this kind is unavailable on

18



Attachment A
Affidavit of Jeffrey M. Triplett, P.E., Power System Engineering, I nc.

most distribution systems, and the investment aperaiing expense required to develop it
would outweigh any benefit to distribution customer

33. Itis important that, to the extent that smallerRD&ggregator market participants
were to delegate real-time and market operationstions and settlement functions (like some
smaller wholesale load-serving customers have edetd do in RTOs), they must still be
responsible for the communication and meteringasthucture that would allow DER to
participate in the wholesale market. The distidiututilities must not be expected to finance
this effort which is wholly to benefit the DER aggators.

V. Distribution Utility Review of DER Registering for Wholesale Electric Market
Participation

34. Distribution utilities have existing interconnectiopolicies, processes and
procedures to allow DER to interconnect and opeiatparallel with the distribution utility
systems. If FERC proceeds with its proposal, amdhi criteria would need to be added to the
existing review/screening/study processes to deterni DER aggregations participating in
wholesale electric markets would create any safefigbility or power quality concerns on the
distribution utility system. And an additional &yof agreements, procedures and criteria would
need to be developed for aggregators of DER. RBO& have no experience in the area of
distribution level DER impacts and should not Heve¢d to define these standards alone. To
make sure that the criteria are responsive toiligton utilities’ needs, these additional criteria
would need to be defined by the industry, basednduastry standards and best practices, and
then their adequacy would need to be, at a minimoomfirmed by distribution utilities;
however, the preferred approach would be for distron utilities or the relevant regulatory

authority to have substantial input into the craer
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35. Personnel at distribution utilities (possibly thoseurrently reviewing
interconnection requests) would also be requireadssume the duties associated with reviewing
requests from DER to participate through an agdogga the wholesale electric markets. This
may cause delays in reviewing new interconnectipplieations and in cases with high
demand/interest in DER aggregation, the need tcadditional staff. The costs associated with
distribution utility personnel fulfiling these das would need to be recovered by the
distribution utility, and would be appropriate te &ssigned directly to the DER aggregator.

36. Distribution utilities need to have the final appab for a DER installation
participating through an aggregator in the RTO/I&Bolesale electric markets, as such an
installation raises significant safety, reliabiliynd power quality risks on their systems, above
and beyond those impacts on their systems raisetshdlyidual DERs. It is important that
distribution utilities have recourse to addressséhelocumented concerns. The CAISO has
addressed this by requiring that a DER providertnalain concurrence from the applicable
utility distribution company or metered sub systdrat there are no concerns about the DER
comprising a DER aggregation before they are allbwe begin the ISO New Resource
Implementation process.

VI. Ongoing Operational Coordination

37. Realtime data exchanges and operational or plgnréoordination with
RTOs/ISOs typically occurs as a market participantas a Transmission Owner. Real-time
coordination includes generator and demand sideaganent (DSM) dispatch, outage

coordination, congestion management, and regulaticmmong others. Planning coordination

® CAISO Open Access Transmission Taffffective as of May 15, 2018), Appendix B.21
Distributed Energy Resource Provider Agreement (BERsection4.17.4 Identification of Distributed
Energy Resources
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includes modeling, forecasting, contingency analystegional planning activities, and
interconnection requests, among others. Distobututilities are typically not market

participants or a Transmission Owner in an RTO/IS®the case of distribution cooperatives,
most are either members of a G&T cooperative oeivectheir power from another provider.
These power supply providers are responsible fordinating with RTOs/ISOs. Distribution

cooperatives are most likely to coordinate with &T supplier in planning activities and

interconnection requests, and not in regular margetations.

38. To allow distribution utilities the ability to comdt ongoing operational
coordination with RTOs/ISOs and DER aggregatorstesys and processes that do not exist
today will need to be created and maintained. @l®stems and interfaces will need to meet
RTO/ISO requirements to allow the distribution ititilto provide real-time feedback to the
RTO/ISO and DER aggregator. These systems andaoés could be cost prohibitive for a
small distribution utility that would otherwise nog¢quire these, especially when considering
they may only benefit a handful of DER aggregap@aricipating in wholesale electric markets.

39. The systems mentioned would also require distaututility personnel to
manage and maintain these systems. Small digoibuitilities often operate with minimal
staffing and adding sophisticated systems likedhbat would need to be monitored on a real-
time basis would require adding personnel that datherwise not be needed. This could be a
significant burden on the daily operations at albdistribution utility. DER aggregators should
not be allowed to take on the role of handling apenal communications between the
distribution utility and the RTO/ISO, because a fionof interest would exist. As discussed
previously, the utility, either directly or throughrelated entity such as a G&T power supplier,

knows how best to safely and reliably integrate D& its operations and should be the center
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of operational coordination for aggregated DERizitg its facilities to participate in wholesale
electric markets.

40. The DER agreement(s) need to make it very cledrdis&ribution utilities will
not be held responsible for distribution systemagas and other constraints on the distribution
system that may prevent or limit the aggregated BERIlity to provide wholesale electric
market services, including ones that DER aggreganod RTO/ISO cannot be made aware of in
advance i(e., unplanned outages). Many outages and constraiat®ut of the control of the
distribution utility. On an operational level, ttibution system infrastructure is very dynamic
compared to the transmission systems infrastruct@ervices to consumers are routinely being
added/retired, and equipment such as fuses, tramsfs, arresters, etc, are regularly
added/retired or modified. Awareness of these gimgn conditions and their impact on
aggregated DER participating in wholesale electrérkets is a very real concern.

41.  Distribution utilities vary in size and complexitg;“one size fits all” approach to
DER aggregation and market participation would bebjematic. Technology, systems and
capabilities vary widely among distribution uté based on geography, size, consumer needs
and economics. Small distribution utilities likedp not have the systems and staff in place to
handle the significant challenges that DER aggiegaind participation in wholesale electric
markets could impose.

42.  Smaller utilities located within the geographicad an RTO/ISO often elect to
not be a market participant due to the need tafyugte cost/benefit of the related higher level
operations and planning requirements. The reldégd requirements, both in terms of accuracy
and scan rates, have also typically been avoidedhbysmaller entities. In addition, the

fundamental data and settlement activities thatt masur in a centralized market suggest that a
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critical size is needed for market participantgustify the resources required in order to be a
market participant.

VII. Market Participation Agreements

43. The FERC NOPR is vague on this topic and leavespin-ended for the
RTO/ISO to figure out. | believe it is of utmoshportance that these agreements should not
broadly require system changes with associated c@shg borne by the distribution utility and
its ratepayers or exclude technical and operatipnavisions that are critical to distribution
utilities. If distribution utilities are going tbe parties to these agreements or affected by their
terms, then they should have a say in what theseagnts look like. In the case of distribution
cooperatives that are part of a G&T cooperativés likely that the G&T would need to be a
party to these agreements as well, and would halditi@anal needs specific to their
circumstances to be addressed. Defining all ttiziges and systems required to make DER
aggregation and market participation work shoulé Ipgiority before drafting the agreements so
that important concepts and utility concerns arenidied and can be addressed in the
agreements. Significant resources and costs @ected to be required to develop these initial
agreements that, again, must be borne by the DIgReggtors and market participants that are
causing these costs to be incurred.

VIIl. Economics

44.  As noted above, the ramification of DER aggregatma market participation
includes significant uncertainty, concern and rislated to technical, operational, coordination,
communication infrastructure, and security chalengSubstantial incremental costs will be
incurred to deploy infrastructure, understand inigpaequirements, and add staff. There may
also be future costs on the grid to accommodate Bgdregations that are not being deployed

with local grid impacts in mind. Small, rural distition utilities already face challenges when it
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comes to financing plant replacements and expassmiprovide safe and reliable distribution
service to rural communicates and customers. lisyeon additional costs and increasing
competition for limited resources could be very wigdourdensome. It may require the utilities
to defer higher priority projects to instead purdimancial support of projects required from
DER aggregation and market participation.

45. | believe there is a great deal of uncertainty altbe magnitude of these costs,
and as | understand the NOPR, little informatioawttwho would be responsible for what, and
how these costs would be collected. Distributitities and their customers should not have to
incur costs that won't benefit them, but it is weail how the utility would go about establishing a
mechanism to recover these costs from only DEReagging and participating in wholesale
electric markets, and to do so in a way that iso'st prohibitive to early adopters. | believe
there will continue to be uncertainty on a goingafard basis, too. The availability of DER
aggregations to participate in wholesale or retalkets will cause ongoing challenges when it
comes to both providing economically efficient prgignals, ensuring proper cost allocation and
equitable rates.

46. DER compensation may come from providing energgacty, and/or ancillary
services. Clear policies would need to be develagpeund defining whether DER is providing
these services to the wholesale or retail marketvould be necessary for DER to select, for
some period, whether it will be providing servitesither the wholesale market or at retail. If
this is not required, it is possible that a DER Wdidouble-dip” and receive benefit at both the
wholesale and retail levels on the same “produithis would be an uneconomic outcome as it
would drive additional costs into the markets aadse financial harm to non-DER customers.

For example, it would be uneconomical for a DERraggtion to receive compensation for
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energy production by the distribution utilitg.¢, via net metering) and receive compensation for
that same energy from the wholesale market. Reqguihhe DER to select either wholesale or
retail is necessary.

47. The DER’s decision of whether to participate in thieolesale market or retalil
should be based on clear and complete informatigtility rates and incentives must properly
communicate this information. If not, DER developmeoperation, and dispatch will be
suboptimal. Not only that, but substantial andpp@wal cost-shifting can occur that puts a
burden on all other customers. The challengeas ¢listing rate structures are not capable of
providing this type of information — and it may O#ficult to adjust or develop a structure that
would. For example, aggregated DER that operates dispatched for purposes of wholesale
market services can have a dramatically differerdfilp and resulting cost/benefit from
individual DER that serve retail purposes. Ratesdfore would need to either be made much
more complex, or many more rate options would riedae developed. It has already proven to
be challenging to establish rate structures thiniba price signals and cost recovery for DER
that operates within retail markets. Establishimgjntaining and communicating more, or more
complicated, structures to accommodate the econgpnaposition of aggregated DER
responding to wholesale markets will add a sigaiiic challenge. Undoubtedly, additional
burdens will be placed on utility systems, stafid austomers. If this is not dealt with and
clearly prescribed from the start, there is a a$lsignificant, perpetual cost-shifting burden on
non-DER customers and on DER not participatindghéwholesale markets.

48. FERC needs to make sure these issues are fullyveelsand that distribution
utilities don’t end up harmed in any program itides to implement regarding DER aggregation

participation in wholesale electric markets.
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49.  This concludes my affidavit.
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UNITED STATES OF AMERICA
BEFORE THE
FEDERAL ENERGY REGULATORY COMMISSION

Participation of Distributed Energy )
Resource Aggregations in Markets Operated ) Docket No. RM18-9-000
by Regional Transmission Organizations and )
Independent System Operators )

I, Jeffrey M. Triplett, being first duly swomn, certify that the Affidavit on Behalf of the
National Rural Electric Cooperative Association was prepared by me or under my supervision;
and that the statements and facts set forth therein are true and correct to the best of my

knowledge, information, and belief.

Jeffrey M. Triplet

Subscribed and sworn before me, a Notary Public in and for the State of Ohio

this»’jﬂ day of Jine s,

Qxe fes -{4// C/Jm{/?g_\

Notary Public (OFFICIAL SEAL

REBECCA A WOODBY
Neotary Public, State of Ohio
My Commission Expires 8-18-2019

My Commission Expires:

§£-/8-30)9
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UNITED STATES OF AMERICA
BEFORE THE
FEDERAL ENERGY REGULATORY COMMISSION

Participation of Distributed Energy ) Docket No. RM18-9-000
Resource Aggregations in Markets Operated )
by Regional Transmission Organizations and )
Independent System Operators; )

Statement of Gerry Schmitz
Adams-Columbia Electric Cooperative

1. My name is Gerry Schmitz. I am the Senior Electrical Engineer at Adams-
Columbia Electric Cooperative (Adams-Columbia), located in central Wisconsin. I have served
in that position since 2012 and perform system and reliability planning. My business address is
401 East Lake St., Friendship, Wisconsin.

2. Adams-Columbia Electric Cooperative is a rural electric distribution cooperative
serving approximately 36,000 member/owners in parts of 12 central Wisconsin counties spread
out over approximately 2,500 square miles. Approximately half of our member/owners are
residential and farms; we also have a significant number of non-residential seasonal members
and serve some irrigation districts. We have 94 full-time employees and 5,785 miles of line in
service. Adams-Columbia is the largest rural electric cooperative in Wisconsin.

. Adams-Columbia’s distribution facilities are interconnected to American
Transmission Company, LLC (ATC), a transmission owning member of the Midcontinent
Independent System Operator, Inc. (MISO). Adams-Columbia purchases its power from Alliant
Energy.

4. The purpose of this statement is to provide information on Adams-Columbia’s
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experience with distributed energy resources, and on the expected impact on Adams-Columbia
of FERC’s proposal to require regional transmission organizations (RTOs) and independent
system operators (ISOs) to permit aggregations of DERSs to participate in RTO/ISO markets.

5. I have concerns that aggregation of DER and operating them for the wholesale
market could exacerbate issues we have with DERs. We have already seen local voltage rise
“islands™ and experienced voltage regulation issues with current reversing on single-phase lines
due to DERs. Greater penetration and concentrations of DERs will mean greater amounts of
resources will need to be implemented to locate, monitor and then find solutions to correct the
problems.

6. Another issue is that I expect DERs will want to run at unity power factor to
maximize their sales of kWh. Minimizing our system losses would require the ability to dispatch
the DER at other than unity power factor. Our financial best interest will be at odds with the
financial best interest of the third-party DER aggregator, which could create some difficulties.
We have a lot of underground lines, and most of the year a leading power factor. If we were able
to dispatch DER, we would want them to operate at lagging power factor to help mitigate voltage
rise issues. However, most inverters interconnected with our system today don’t have the
capability to operate at other than unity power factor, which is a big concern for us.

2. Our system has experienced reverse power flow at a regulator near a wind turbine.
In the end we were forced to extend 3 phase and break up load that was being successfully
managed by a regulator. The regulator simply wasn't built to handle the intermittent nature of
wind generation. I'm concerned that situations like this could happen more frequently with
third-party aggregation of DERs operating in MISO.

8. To make sure that third-party DERs are interconnected safely to our system we

2



Attachment B
Adams-Columbia Electric Cooperative

would need to perform interconnection studies in coordination with MISO and ATC for
transmission related costs, as well as distribution system interconnection studies. All of these
studies and related system upgrades will create costs, and we need a way to make sure that all of
these costs will be paid by the third-party DER aggregators. We have the responsibility to
maintain voltage and power quality requirements, and we need to be able to directly assign the
costs to identify and rectify nonconforming DERs.

9. Another issue that we don’t have communications or AMI systems to support 5-
minute telemetry and metering. To upgrade the AMI system to have that capability we will need
approximately 3 years and $8 million. We would run meter reading, OMS, and SCADA over the
AMI communications network, so the $8 million would cover some of these issues too. We also
would need communications to American Transmission Company and MISO, at an unknown
cost. We also would need to establish a means for settlements with MISO.

10. Providing third-party access to our distribution automation, SCADA, and/or
billing system creates massive concerns for member identity theft and rogue system operations.
My assessment is that it is an unacceptable risk. We would need to reach out to MISO and ATC
for assistance but would not want to have to pay for systems that are needed only to serve third-
party DER aggregators.

11.  Another issue is that behind-the-meter (BTM) storage could increase our peak and
costs. We would need a way to charge the BTM storage member a coincident power purchase
demand charge and distribution demand charge to cover our costs.

12. We also have conservation voltage reduction (CVR), which drops our system
voltage as much as possible. We would like DER to offset load as much as possible to reduce

power flows and help with voltage profile. Third-party DER aggregation could create problems
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for us because our CVR equipment can’t react fast enough to cover instability from intermittent
DER output; there is no stability mechanism unless there is energy storage or ride-through
performance in the DER equipment.

13.  Given all of these concerns, 1 hope that FERC does not require third-party DER
aggregations on our system unless and until we decide we can handle them. As it is now, we
would have staffing issues; we would need additional in-house staffing in particular for the

communications with MISO and the DER aggregator.
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VERIFICATION

I, Gerry Schmitz, state under penalty of perjury that the foregoing is true and correct.

Executed on G- 22-/9

DATE

Lral Y. LD
4

Signature
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UNITED STATES OF AMERICA
BEFORE THE
FEDERAL ENERGY REGULATORY COMMISSION

Participation of Distributed Energy ) Docket No. RM18-9-000
Resource Aggregations in Markets Operated )
by Regional Transmission Organizations and )
Independent System Operators; )

Statement of Kevin Short
Anza Electric Cooperative, Inc.

1. My name is Kevin Short. | am the General Manager of Anza Electric
Cooperative, Inc. (Anza), located in Southern California’s Riverside County. | have been
General Manager since 2012, and | have previous experience as an electrical contractor
specializing in solar electric systems since 1989. My business address is P.O. Box 391909,
Anza, CA 925309.

2. The purpose of this statement is to provide information on Anza’s experience with
distributed energy resources, and on the expected impact on Anza of FERC’s proposal to require
regional transmission organizations (RTOs) and independent system operators (ISOs) to permit
aggregations of DERs to participate in RTO/ISO markets.

3. One of only three electric distribution cooperatives in the Golden State, Anza
serves 5,000 meters across a 550 square mile rural area. Anza owns and services a little over 700
miles of distribution lines in Southwest Riverside County. Anza is a small cooperative, with
only 23 employees. Located in the mountainous area of southern California at an elevation of
4,000°, we experience extremes in weather ranging from 100° summer days to low temperatures

in the teens and snow fall in the winter months.
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4. Anza is located in the California Independent System Operator (CAISO) and is
interconnected with the distribution system of Southern California Edison Company (SCE) at 34
kilovolts. Our energy and capacity are supplied via an all requirements contract with our
Generation and Transmission (G&T) provider, Arizona Electric Power Cooperative, Inc.
(AEPCO), located in Benson, AZ. Power is delivered via the CAISO tariff and distribution
service contracts with SCE. Our G&T purchases energy for us within the CAISO, but we have
no direct interaction with CAISO.

5. Our contract import capacity from our single radial feed with SCE is 14 MW.
Our load varies with the season, typically peaking in summer with air conditioning driving
demand. Due to load growth, we have contracted to increase this to 19 MW by spring 2019.
The SCE contract provides for one-way service from CAISO to Anza; it does not provide for
reverse flow from Anza to SCE or the CAISO. Due to solar projects on the distribution line to
Anza, SCE is unable to accept reverse energy flows from Anza.

6. In 2014, we exceeded the California Net Energy Metering (NEM) requirement of
5% of our historic peak demand. At that point, our elected Board of Directors—our rate making
authority—determined that continuing NEM under the existing tariff would result in further cost
shifting to non-participating members. We instead developed a successor Distributed Generation
(DG) tariff which allowed for a further 5% of peak demand capacity, while increasing
interconnection costs and modifying rate structure to reduce cost shifting. The interconnected
NEM and DG solar capacity is currently approximately 1 MW AC capacity behind the meter.

7. In late 2016, the Anza Board of Directors approved the installation of an Electric
Vehicle (EV) Charging station, open to the public. The station is the first in the region, serving

more than 700 square miles previously unserved by EV infrastructure. This project was funded
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through the California Pollution Control Financing Authority’s California Capital Access
Program. Anza’s loan was the very first successful loan in this state program.

8. Our member-owned DG is all solar capacity. Behind-the-meter solar capacity on
our system is about 1 MW AC. At the distribution circuit level, we are up against the technical
restraints of equipment, with certain items, such as voltage regulators, unable to allow reverse
flow. Thus, we are limited in the ability to allow more DG in some areas of our distribution
system.

9. In 2017, we commissioned phase 1 of our SunAnza solar farm project, which is
interconnected at our main substation to provide feed to our whole system. This is a 2 MW AC
capacity array, ownership of which is held by a for profit subsidiary of AEPCO. Combined
contribution of all our renewable resources amounts to about 30% of our energy requirements.
Demand reduction is limited to daylight hours, which does not help in peak reduction, as our
system demand typically peaks between 6 and 9 p.m.

10.  We are currently exploring the second phase of SunAnza, which is intended to
include energy storage capability. This will include approximately 1.4 MW of solar feeding a 2
MW, 4 MWh battery system, intended to assist in peak demand reduction, voltage and frequency
stabilization, and micro-grid islanding.

11. Due to our import capacity limits, as well as SCE’s inability to accept reverse
flow on their circuit that feeds us, it would be difficult—if not impossible—for an aggregated
DG provider to build and export renewables on our system. This has hampered efforts by one or
more of the Native American Tribes that we serve to build and operate renewable sources on
their reservations.

12. In 2011 we investigated the options of constructing a second transmission line to
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our territory. In the multiple scenarios reviewed, most suffered fatal flaws due to cost or
technical infeasibility. The one option that was considered involved a 16-mile interconnection
with an SCE substation located many miles from the existing point of service, and fed from a
different source. Unfortunately, this option was rejected due to the high cost; the line was priced
at more than our entire system’s net value.

13. In summary, Anza faces multiple challenges to enabling Distributed Energy
Resources (DER) within our service territory. We are under constant pressure from state and
federal agencies to increase the adoption of such resources, but lack the funding and technical
capabilities to easily comply. Clear direction and coordination from the disparate regulatory
bodies is a necessary first step of any action that we could take as a distribution utility to enable
DER deployments at the retail level.

14.  Anza is committed to providing safe, reliable, and affordable service to its
members. In conjunction with our G&T cooperative supplier, we have developed and are
planning to develop DER resources on our distribution system to meet particular local needs.
The opportunities for aggregated DER on our distribution system to participate in CAISO
markets are severely limited. Any such aggregated DER participation would require
coordination of planning and operations not only between the aggregator, Anza, and the CAISO,
but also with SCE. It would be very important for Anza to have input into any coordination
agreements, although given our limited staff and resources, we would need to rely on our G&T
to develop any such agreements. | expect these agreements could take a while to negotiate
because there are many complex issues that need to be worked out, but these issues need to be

resolved up front.
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UNITED STATES OF AMERICA
BEFORE THE
FEDERAL ENERGY REGULATORY COMMISSION

Participation of Distributed Energy ) Docket No. RM18-9-000
Resource Aggregations in Markets Operated )
by Regional Transmission Organizations and )
Independent System Operators; )

Statement of Craig C. Turner, P.E.
Dakota Electric Association

1. My name is Craig C. Turner, P.E. I am the Director of Engineering Services at
Dakota Electric Association, in Farmington Minnesota (Dakota Electric). I have served in that
role since 2015. My responsibilities include coordinating technical projects which include
advanced metering infrastructure (AMI), meter data management (MDM), demand reduction,
system-wide fiber communication system and a pager communication system. | manage our
engineering section which provides distribution engineering for Dakota Electric, including
substation design, protection relaying, SCADA implementation & design, distribution studies
(load flow, sectionalizing), equipment specifications, construction standards, technical standards,
member generation interconnection, power quality investigation (EMF & stray voltage), and
technical training for field crews. Prior to my current position I was the Engineering Services
Manager at Dakota Electric for 17 years. My business address is 4300 220th Street West,
Farmington, Minnesota 55024.

2. The purpose of this statement is to provide information on Dakota Electric’s
experience with load management and distributed energy resources (DER) programs and to tell

FERC about the harmful effects we expect from FERC’s proposal to require regional
1
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transmission organizations (RTOs) and independent system operators (ISOs) to permit
aggregations of DERSs to participate in RTO/ISO markets.

3 Dakota Electric is a member-owned, not-for-profit electric distribution
cooperative founded by Jocal farmers in 1937. Dakota Electric’s utility services are regulated by
the Minnesota Public Utilities Commission. Dakota Electric is the only regulated electric
distribution cooperative in Minnesota. Dakota Electric’s utility services reach more than
106,000 members, making Dakota Electric the secoﬁd largest electric cooperative in Minnesota
and among the 25 largest electric distribution cooperatives in the nation. We have approximately
200 full- and part-time employees. Dakota Electric purchases wholesale electricity from Great
River Energy (GRE), a generation and transmission (G&T) cooperative in Maple Grove
Minnesota. Dakota Electric’s utility services are distributed to homes, farms and businesses in
parts of Dakota, Goodhue, Scott and Rice counties; nearly 58 percent of our revenues come from
residential and farm members.

4. Dakota Electric members voluntarily purchase more than 8.7 million kWh of
renewable energy annually through the Wellspring Renewable Energy program. Dakota Electric
provides Wellspring energy to its members through GRE, our wholesale power supplier.

5. Dakota Electric has built up significant load management capabilities in
conjunction with our members participation in controlling end-uses and installing on-site
generation. More than 50% of Dakota Electric’s members participate in one or more of our
demand management or member-owned generation programs. Dakota Electric’s system peak
demand is about 450 MW, but with the loss of the ability to control and utilize our DER systems
would be substantially higher. During our control periods, we have the ability to shed between

20-25% of our peak demand — a significant achievement. That allow us to decrease our demand
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on the transmission system by 75-125 MWs.

6. In working with our members, we have integrated these controlled loads and
member-owned generation systems with our distribution planning process. This has resulted in
lower cost, non-wired solutions, which reduce our peak distribution system capacity needs. This
provides savings for our members of millions of dollars annually. Within these programs, our
members have created campus micro-grids. With these campus generation systems, our
members are able to reduce their energy demands during peak load periods, and they can also
improve their reliability by isolating their portion of the Dakota Electric distribution system
during storms.

% Allowing third-party aggregators to assume control of the demand management
loads or the member-owned generation systems and to offer services independently to the
transmission grid, would, simply put, destroy Dakota Electric’s ability to control our system
peak. Dakota Electric would no longer be able to plan for or rely on these non-wired solutions to
reduée the distribution costs for our members. This would result in the need to construct
millions of dollars of additional substation and distribution system capacity. This would also
result in higher peak loads, which, in turn, would cost our member millions of dollars annually in
higher electrical bills.

8. Dakota Electric is presently in the process of replacing all of our load control
receivers with new devices which have fast two-way communication. We are looking forward to
being able to enhance our options and services to our members, by being able to sell servides to
the transmission system with or through our G&T. We believe the local distribution utility is in
the best position to coordinate the operation of systems interconnected with the distribution

system and make the daily and sometimes hourly decisions between, costs, reliability and
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opportunities which these new technologies can provide. Allowing third-party aggregators to
“cherry pick” the best loads and to undermine the ability for the local distribution operator to
control their system would be costly and cause significant additional costs and extreme

disruption to Dakota Electric.

VERIFICATION

I, Craig Turner P.E., state under penalty of perjury that the foregoing is true and correct.
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DATE

4 & /.}\w\/

génature




Attachment B
New Hampshire Electric Cooperative, Inc.

UNITED STATESOF AMERICA
BEFORE THE
FEDERAL ENERGY REGULATORY COMMISSION

Participation of Distributed Energy ) Docket No. RM 18-9-000
Resource Aggregationsin Markets Operated )
by Regional Transmission Organizationsand )
Independent System Operators; )

Statement of Brian Callnan,
New Hampshire Electric Cooperative, Inc.

1. My name is Brian Callnan. | am Director of PowersBurces at New Hampshire
Electric Cooperative, Inc. (NHEC). | have servadhis role since 2017. My business address
is 579 Tenney Mountain Highway, Plymouth, NH 03264.

2. The purpose of this statement is to provide infaromaon NHEC’s experience
with distributed energy resources, and the expectgzhcts NHEC may have in providing
reliable cost effective service to its members givieERC’s proposal to require regional
transmission organizations (RTOs) and independssstesy operators (ISOs) to permit
aggregations of DERs to participate in RTO/ISO ratsk

3. NHEC is a member-owned not-for-profit distributionoperative providing over
85,000 retail electric services to members in ldmmunities located in nine of the ten counties
in New Hampshire. NHEC has over 200 employeesudisal over ten district offices in the
state with its headquarter residing in Plymouth,.NNHEC owns and maintains over 5,500
miles of energized distribution lines. NHEC'’s ogtémg revenues in 2017 were $140 million
with a peak load of 180 MW's delivered to its memsbever 5,500 miles of distribution lines

owned and maintained by NHEC.
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4. As a Load Serving Entity (LSE) NHEC is an activerked participant in the
wholesale markets operated by the Independent i8ySteerator of New England (ISO-NE).
NHEC patrticipates daily in the regions energy meskeapacity markets, ancillary services
markets, receives Regional Network Service andshielgund various other operational markets
as a LSE. NHEC is operates in a state with a RablewPortfolio Standard and in a state that is
part of the nine state Regional Greenhouse Gasgting (RGGI). NHEC operates in a
deregulated state with retail competitive energgpdars and its Board of Directors sets the
retail tariffs needed to recover operating expendeslEC allows its members to connect to its
distribution system with net-metered generatorgdpminately Solar Photovoltaic facilities.
NHEC coordinates with ISO-NE when generators wghm connect to its distribution system
will impact the regional Bulk Electric System andtwneighboring utilities when generation
may impact their distribution system. NHEC isamtive participant in the ISO-NE stakeholder
process and is engaged in the creation and motldiicenarket rules that affect the region and its
membership.

5. NHEC has more than 900 member-owned Solar Phowmeadystems ranging
from 48 watts to 288 kW totaling 7.5 MW and 2.0 MW§& PV that is owned by NHEC.
Additionally, NHEC has approximately 100 kW of mesnmwned wind and 500 kW of
member-owned hydro. In 2017, NHEC constructed Nawnpshire’s largest solar array, a 2
MW project in Moultonborough, using $5 million iow interest funds from New Clean
Renewable Energy Bonds issued by the U.S. Depattafefreasury and loaned to NHEC by
the National Rural Utilities Cooperative Financer@wation. The output from this facility will

be used to reduce the amount of energy and caddEi§C would otherwise need to buy from
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the New England regional power grid. These faeditare not currently remotely dispatched nor
are they able to be remotely dispatched by ISO-NEHKEC.

6. NHEC aims to make the process for members to cormdER to the distribution
system as easy and fair as possible while not imefyatmpacting members who do not wish to
connect DER to the distribution system. MembenedvDER on the NHEC distribution system
helps to reduce the wholesale market energy, dgpacegional transmission and local
transmission that NHEC needs to purchase to meeté¢bds of its members. In order to help
maximize the value for its members NHEC offers tiochase the renewable attributes of the PV
facilities by qualifying and purchasing the RenelgaEnergy Credits produced. Not all
members take this option as some market their enef other purchasers. All system
interconnections are studied as to their impacthendistribution system and members with
generation proposals that require distributioneystipgrades are notified of the need and cost
of the upgrade before interconnection. NHEC domsperform the necessary upgrades to the
distribution system unless they are funded by tleenber or developer wishing to interconnect
the generator to the distribution system.

7. NHEC does not currently schedule or dispatch anfir Ddtthough it is possible in
the future that our terms and conditions of serwdéneed to include the ability to curtail DER
production should it be necessary for the efficies¢ of the distribution system or in the best
interest of our members.

8. NHEC has some concerns about FERC’s proposaBER aggregation by third
parties is allowed onto the distribution systemhaiit the knowledge of our distribution system
engineers, we could be introducing significant memservice reliability concerns. Capacity

limits of individual distribution lines and equipmtecould be exceeded increasing the likelihood
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of an outage on that part of the system. A puldantinually updated hosting capacity might
help alleviate this concern. NHEC estimates that ¢ould be a significant expense and would
require additional administrative burden to maimtai

9. NHEC anticipates that expansion of DER on partgsoflistribution system will
require upgrades to the system that would not Hasen needed if the DER were not
interconnected. With increased DER (including D&§yregation), NHEC expects increased
costs to account for the DER and its impact onsysem, for example, costs associated with
increasing the flexibility requirements of the SCADsystem, the robustness of the
communications system, the capacity of our inforomasystems and the versatility of member
direct communications software such as billing. RDBggregation is expected to increase
complexity similar to what we have seen with GroNgt Metering for retail billing. Group Net
Metering requires the utility in some New Englanatess to manage the benefit of production to
the offsetting of load, which could include hundseaf members. The administration of this
complexity is compounded by the interpretation mfrent and state laws and the uncertainty of
changes to those state laws.

10. If DER is aggregated by a third-party rather thia@ ¢o-op, NHEC is concerned
our costs could be even higher. As an example,stage of New Hampshire requires the
unbundling of rates, and retail choice for enemggf eapacity providers. This requires additional
administrative costs associated with informing owembership of options, assigning specific
annual costs associated with a member's use td-plairty suppliers, supporting information
requests from third-party suppliers and havingahidity to support billing of non-co-op rates for

third-party suppliers that wish to use the NHEGirml system. While this is not an exhaustive
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list of expected cost increases, it is likely thasts similar to these would increase should third-
party aggregators of DER be required.

11.  Another type of costs that would likely increase¢hnthird-party DER aggregation
are costs associated with the processing of DE&dohnections; NHEC expects that DER
aggregations would greatly expand the time anduress needed to process these. It is expected
that this would increase the need for distributiifity personnel resources.

12.  Additionally, NHEC would need to develop, modify murchase a system to track
and charge the entities that caused any additmosts to NHEC in order to minimize spreading
those costs to members that did not cause them.e¥pected this would also require additional
administration overhead and may prove difficulutdoundle from overall member charges.

13.  Another possible impact is that third-party DER m@ggtion could complicate our
efforts to manage and reduce system losses, as davaecollection and analysis would be
required. Managing the load needs of the cooperas one of the main requirements to
consistently deliver reliable stably cost energgvises to our members and an increase in the
complexity of forecasting those future needs makasrequirement more difficult.

14.  Another anticipated impact is the cost that we Wwale to incur to participate in
the development of coordination agreements amon&@lHhird-party DER aggregators, and
ISO-NE. Any coordination agreements would requé&gal, management and administrative
staff to create the agreements and ongoing admatiist staff to keep the agreements current.

15. | believe that aggregation of DER for the purpot®merating in the wholesale
market could have some operational impacts on NHEGwell. Although NHEC'’s system is
almost fully engineered to handle “2-way flows,” REaggregations have the potential for

“backfeeding.” Backfeeding onto our transmissjommovider could create additional issues
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technically and perhaps contractually, especiaflgdnise NHEC's distribution system does not
have the native load required to absorb the owptitese facilities. This could then strand the
real power flow to our distribution system, whiclayrrequire curtailment of the DER facilities
(which could cause prospective interconnecting DiaBlities financing difficulties). The
conditions under which NHEC can backfeed ontoréasgmission service provider at wholesale
delivery points would require, at a minimum, coaation with the transmission provider, likely
predicated upon a full system study for the interaxting facility, which is executed under the
full discretion of the transmission provider, andieh would likely include expensive protection
packages such as a direct transfer trip schemerseypower flow, etc.

16.  Another concern that NHEC has is that with thirdipdER aggregation, the
settings of protective devices, such as inveriagld be changed — possibly radically and with
need for complex systems and communications teoggab account for rapid changes in real-
time DER output and load. We already face cha#sngying to make sure our members’
inverters operate in parallel with the NHEC diaftibn system.

17.  Another concern is that aggregation of DER for wkale market purposes could
limit the expansion of DER on the distribution gt since many of the benefits from the
avoidance of wholesale market charges would be vetho NHEC expects there may be
additional costs associated with needing to remet $eparate wholesale signal for scheduling or
dispatch of DER, but has not quantified such costs.

18. DER storage is expected to further complicate ttwii@te forecasting of system
needs on the distribution system, amplifying theoeons listed above, As a market participant in
ISO-NE, NHEC attempts to control its costs by bnddinto the energy markets the day before it

needs the energy (DA-Market). Should there beifgigimt variances in the amount of energy
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forecasted due to the operation of a DER aggregdthrstorage it is possible NHEC could see
increased energy costs as a result. This uncertaisb has the possibility of impacting the
capacity and transmission costs that NHEC is reduio pay

19.  There are some other concerns and questions NHEGnladuding:

* NHEC should be allowed to curtail or disconnect D#&Ren the safety of its
members, staff or the distribution system is ingfio@. This seems to be a
critical design to any rule or market.

* How would NHEC allow third-party aggregators accessur distribution system
and still maintain our cybersecurity policies?

 Could any of this subject NHEC to additional NERE€quirements? What
happens if current state laws/efforts/mandatesraditt or don't align well with
FERC'’s requirements?

20.  This concludes my statement and thank you for gmdunity to comment.
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UNITED STATES OF AMERICA
BEFORE THE
FEDERAL ENERGY REGULATORY COMMISSION

Participation of Distributed Energy ) Docket No. RM18-9-000
Resource Aggregations in Markets Operated )
by Regional Transmission Organizations and )
Independent System Operators; )

Statement of Kenneth M. Raming, P.E.
Ozark Electric Cooperative, Inc.

1. My name is Kenneth M. Raming, P.E. and I am the Division Manager of
Engineering at Ozark Electric Cooperative, Inc. (Ozark). I have served in this role since 2002
and was the Consulting Engineer for Ozark from 1988 to 2001. My business address is 2007
James River Ct., Nixa, MO 65714.

2. The purpose of this statement is to provide information on Ozark’s experience
with distributed energy resources, and on the expected impact on Ozark if FERC were to permit
third-party aggregations of DERs on our system for the purpose of those DERS participating in
neighboring RTO/ISO markets.

3. Ozark is a member-owned, not-for-profit distribution cooperative providing retail
electric service to over 33,500 members in southwest Missouri. Ozark owns and maintains 4,765
miles of 7.62/13.2 KV distribution lines. Ozark’s operating revenues in 2017 were $55.7 M and
its expenses were $54 M. Ozark staff currently numbers 89 full time employees. After July 27,

2018, there will be only two (2) electrical engineers on staff with myself as the only Professional

Engineer.
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4. Ozark is a member of and full-requirements power customer of KAMO Electric
Cooperative, Inc. (KAMO Power). KAMO Power is a generation and transmission (G&T)
cooperative located in Vinita, OK.

5. Ozark currently has 150 photovoltaic (PV) rooftop systems on its system, with the
average rooftop system at 9.1 kW. These PV DERs are all member-owned and each new one
now requires a power flow study to check the impact of the proposed DER. We have utilized the
export limiting capabilities of the inverters on the DER to maintain a level voltage profile and
mitigate the effects of the reverse power flow on our system. I use Milsoft Windmil to model
each DER under light loading conditions on our system with full DER generation.

6. I believe that our existing SCADA system handles the DER on our system today.
We are fully deployed with OSI SCADA in our substations and have a few downline devices
connected as well. I believe our SCADA system could handle higher penetrations of DER, but
would require additional communication infrastructure to do so.

7. However, if third-party DER aggregation was allowed on our system, I would be
concerned about the additional communication equipment that would be needed. Currently, we
have Aclara Powerline Carrier Advanced Metering Infrastructure (PLC AMI), and we are in the
process of upgrading to our meters to Landis & Gyr Focus AX meters. These are set up for 15-
minute demand intervals. Currently, we read hourly data, 8 hours of data three times a day. We
have a Meter Data Management (MDM) system that all the AMI data flows into. If five-minute
metering were needed to accommodate DER aggregations, we would need additional investment
in our metering equipment to be able to provide that. We would not want to have to charge our
members for this because this is something that wouldn’t benefit them, and we would need a way

to charge the DER aggregators. Also, if we were to update our metering to facilitate DER
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aggregations in wholesale markets, we would need to make sure that our metering priorities are
first and foremost on preserving the safety and integrity of our distribution system.

8. Ozark is not a member of an RTO; nor is our G&T, KAMO. If we were, I do not
know how our existing cooperative staff would have time to review ongoing day-ahead or real-
time dispatching of third-party DER connected to our system to make sure there are no concerns.
We have a small staff and we are only staffed during normal business hours. Ozark does not
currently schedule or dispatch any DER now period, let alone in an RTO market. We rely on
KAMO for dispatching; we are not set up for this type of real-time activity. Our AMI &
SCADA communications goes through KAMO first, then to Ozark. If we needed to build and
maintain additional communications systems for third-party DER aggregators, it would require
extensive work, which would be nearly impossible—we have only two IT staff.

9. Additionally, dispatch of DER for participation in the wholesale market would
require us to have some sort of measurement and verification system in place. To handle this, we
would have to have our National Information Solutions Cooperative (NISC) software upgraded,
which would be an additional cost to us.

10.  Possible additional concerns are the resources available to study and process
interconnection requests. Currently, I am the only person to review and approve Net Metering
Applications. Due to my current work load and staff limitations, Ozark would not be able to
handle a higher volume with DER aggregations.

11. Separately, 1 have very real concerns about for the safety on our system if
aggregations of DER for the purpose of operating in the wholesale market, rather than for local
concerns, are allowed on our system. The system we have designed and operated and for years

is a radial system with a known source and load direction. Third-party DER aggregations could
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make this more complicated. This is a huge safety concern for us and our linemen and it will
significantly affect how our linemen work. Our linemen will use bracket grounding on both
sides of the work zone as outlined in our Safety Manual to provide additional protection from
DERs. We would, however, likely need to develop additional safety protocols to ensure linemen
safety.

12. It is very important that whatever rule FERC issues that cooperatives like Ozark
be able to manage the DER interconnections on our system so that we can protect the safety of
our system and our personnel.

13. T also have concerns about the operational effect on our systems that could occur
with third-party DER aggregations. In particular, Ozark has concerns about reverse power flow.
For example, we have an 8 kW PV installation in place, and then a second 8 kW PV system
applied for interconnection near same location. The load flow analysis showed the combined kW
would push our system into reverse power flow. A solution that can be used to prevent reverse
power flow/high voltage is to limit the amount that can be exported from the second inverter
(this is set up within the inverter itself). In this case, the limit was set to 3 kW, to keep the
system from experiencing reverse power flows. Since our interconnection process provides
access on a first-come, first-serve basis, the first PV still has ability to export 8 kW as
communicated with the original installation and application. Ozark has the ability to see through
its MDM system what the hourly reads are and watch the ones that are exported, to determine if
an established threshold is being exceeded. Because of our staffing limitations, we would not be
able to go out and do an audit/review after the fact.

14. Ozark has existing privacy policies in place today that protects our members’

data. If, for example, we had a request by a solar developer to access a member’s kWh usage to
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evaluate/size systems, Ozark will not provide that data to the solar company. Instead, we would
advise the member and let the member send that information. This could be a problem if DER
aggregators were to seek information about our members’ data. If Ozark needed to set up
additional interfaces, firewalls etc. we would not have the resources to do so. Additionally,
Ozark would need to have agreements in place with its members to share such data.

15, Another concern I have is that the new IEEE 1547-2018 standard gives too much
control of our grid to people who have little knowledge about how DER works. The
adjustability settings are worrisome and changeable by individuals at any point in time. This
concern would be made worse by having third-party aggregation of DER on our system. Ozark
needs the ability to determine the appropriate settings during the DER interconnection process
and establish these settings in the DER interconnection agreement and in an agreement with the
DER aggregator. Ozark also needs the ability to enforce the agreed settings during the operation

of the DER to prevent them from being changed by the DER operator without our knowledge or

authorization.
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